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Abstract

Abstract

CO,-water alternating gas (CO,-WAG) injection is the most widely used technique
for controlling the mobility and conformance control issues of CO, flooding. To achieve
better performance through the synergic combination of gas and chemicals, the WAG
process was modified by injecting chemical solutions (instead of just water) alternately
with gas. The technique is called alkaline-surfactant-alternated-gas/CO, (ASAG) flooding
when gas and alkali-surfactant slugs are alternately injected into the reservoir. The ASAG
flooding is a relatively new technique and limited experimental works have been reported.
In the present work, the potential of the ASAG flooding for enhanced oil recovery (EOR)
was investigated by lab-scale core flooding experiments, using reservoir cores and crude
oil of an oil field of Upper Assam Basin, India. Additionally, to design the ASAG process
rationally, the key parameters that affect the oil recovery performance were studied and
fine-tuned for optimal performance.

Characterization of reservoir rock and fluids is necessary to make a preliminary
assessment of the effectiveness of any EOR process. Therefore, initial work focused on the
analysis of reservoir rock, crude oil and formation water of the oilfield based on which
application of ASAG flooding was judged. Routine core analysis was conducted for the
measurement of porosities & permeabilities of the core plugs. The porosities of the core
plugs were related to the depth of the formation from where the cores were obtained.
Moreover, more porous core plugs were found to be more permeable. Further
characterization of the rock was done to evaluate its mineralogy and clay content through
X-ray diffraction (XRD) and field emission scanning electron microscope (FESEM)
studies. The experimental results indicated the presence of quartz as the dominant mineral
along with clays in the rock matrix. Additionally, the characterization of crude oil was
done in detail to determine the important physicochemical properties affecting the process

ii
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of oil recovery, including API gravity, viscosity, pour point, resin and asphaltene content,
wax content, and acid number. The crude oil was found to be of medium gravity, acidic
nature and with enough of resin-content for asphaltene stabilization. These preliminary
investigations of the crude oil properties indicated that the crude oil considered in this
study was suitable for ASAG flooding. The formation water was also analyzed to
determine its pH, ionic composition, and TDS. It was observed that formation water
collected from the oilfield is of low salinity and contains divalent ions in small amounts.

To recover the best possible incremental oil, this work also stressed on designing
optimal chemical formulations for ASAG flooding based on the foam stability, phase
behavior, interfacial tension (IFT) measurement, and adsorption studies. The experimental
investigations were targeted to evaluate the optimum concentrations of surfactants and
alkali, and to indentify the optimal brine salinity. The objective was to design chemical
slugs that will generate stable foams, achieve ultra-low oil-water IFTs and reduce
surfactant loss due to adsorption onto rock surfaces. Amongst the surfactants considered in
this study, sodium dodecyl sulfate (SDS) at 0.3 wt% and alpha olefin sulphonate (AOS) at
0.5 wt% provided the most stable CO,-foam. Likewise, amongst the alkalis considered in
this study, Na,COj3 was the preferred choice as the oil-water IFT values achieved were the
minimum (0.0068 mN/m and 0.0087 mN/m respectively) with this alkali when combined
with the optimum surfactant concentrations. Additionally, the optimal brine salinity was
found at 70% of formation salinity (2400 ppm) which corresponded to the occurrence of
maximum type 11l microemulsion and lowest IFT value. Further, it was evaluated that
preflushing with black liquor (BL) can reduce the adsorption of surfactants by core plugs
and the optimum concentration of BL for preflushing was found as its CMC value.

The current work finally addresses the potential of ASAG flooding for EOR by

performing a series of lab-scale core flooding experiments on core plugs under different
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operating conditions. The performance of different core flooding experiments was
evaluated on the basis of oil recovery and the extent of mobility control. The mobility
reduction factor (MRF) or average pressure drop was determined to ascertain the extent of
mobility control during the flooding process. While ASAG flooding was of particular
concern, other EOR processes such as tertiary continuous gas injection (CGl), CO,-water
alternating gas (WAG), surfactant alternated gas (SAG), and alkali-surfactant (AS)
flooding have also been studied for comparative assessment purpose. It was observed that
due to the synergic effect of in-situ foam generation and ultra-low IFT conditions during
ASAG flooding, the oil recovery efficiency was the highest among all the EOR processes
considered in the study.

The last section of the thesis was devoted to study the effect of key operational
parameters on the performance of ASAG flooding. The critical parameters investigated
were slug ratio, slug size, injection scheme, gas injection rate, total fluid volume injected,
and tapering of slug. It was evaluated that selective mobility reduction effect could be
exhibited by foam generated in the reservoir rock by ASAG injection. This was supported
by the core flooding results indicating higher oil recovery due to stronger foam formation
in higher porosity/permeability core plugs than in the lower porosity/permeability core
plugs. Additionally, the effect of change in brine salinity during ASAG flooding was also
investigated. The experimental results indicated that the application of salinity gradient
during ASAG flooding resulted in better oil recovery due to the lowest oil-water IFT
environment and generation of the most stable foam. The experimental investigations were
also targeted to evaluate the use of a less costly natural surfactant black liquor (BL) for
preflushing prior to ASAG injection. It was observed that preflushing can improve

displacement efficiency by minimizing surfactant adsorption and better foam stability. The
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results indicated that by combining all the favorable operating parameters, oil recovery up
to 31 %OO0IP could be obtained by the immiscible ASAG flooding.

Thus, the present work highlighted that the synergic combination of alkali,
surfactant, and CO, gas injection in the form of ASAG flooding has the potential to
improve oil recovery in sandstone oil reservoirs producing medium gravity crude oil. The
laboratory approach adopted for designing the optimal chemical slug may help screening
chemicals suitable for candidate oilfields. Additionally, the key operational parameters
influencing the ASAG flooding process efficiency are defined and optimum conditions are

determined for assisting successful implementation at pilot and field scale.
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Chapter 1 Introduction and Literature Review

Chapter 1

Introduction and Literature Review

This chapter presents a brief summary of the gas injection-based enhanced oil recovery
(EOR) methods and with special reference to CO; flooding. The problems associated with
CO; flooding and the techniques employed to overcome the CO, mobility and conformance
control issues have been discussed briefly. It describes the water-alternating-gas (WAG)
and alkaline-surfactant-alternated-gas/CO, (ASAG) flooding processes. It also presents
the literature review on the methods related to ASAG flooding. The importance and
objectives of the present work are also highlighted. Finally, the organization of the thesis

has been presented.

1.1 Introduction

Energy is an essential element in our everyday life and a prerequisite for economic
development. The main source of energy comes from fossil fuels. As per the report of
ExxonMobil 2017, oil would continue to remain as the world’s most consumed energy
source [1]. With population and economic growth, the demand for oil is rising steeply and
will continue to do so in the future. The global crude oil demand has already crossed the
symbolic figure of 100 million barrels per day (mbd) and is expected to rise to about 110
mbd by in the mid-2030s [2, 3]. According to the International Energy Agency (IEA,
2018), the total oil production worldwide in 2018 was averaged 80 mbd. Thus, the global
oil supply lag demand and the gap is expected to further widen after 2020 unless new
projects are implemented. Moreover, there has been an appreciable decline in hydrocarbon
reservoirs discovery in the past few decades [4]. So, in order to meet the increasing crude
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oil demand focused efforts are required to recover remaining oil from known reservoirs. In
this regard, enhanced oil recovery (EOR) methods are becoming increasingly important as
a means of maximizing the recovery of oil in place.

Basically, the recovery of crude oil starts with the primary recovery which uses the
natural energy of the reservoir to produce about 5 -10 % original oil in place (OOIP). As
the reservoir pressure depletes, water and/or natural gas are injected to boost the reservoir
pressure and displace the oil during the secondary recovery. Producing this way, an
additional 15 to 20 %OOIP can be recovered. The average recovery factor after the
conventional primary and secondary recovery methods is reported to be around 35% OOIP
[5-8]. Thus, a significant portion of the oil is left behind in the reservoir and is still waiting
for extraction when conventional methods become uneconomical. This residual oil is the
target of the EOR methods [9]. Depending on the type of fluid injected and injection
schemes adopted, the EOR methods may be thermal process, chemical flooding, gas
injection, microbial methods or their combinations.

Thermal EOR methods involve adding heat to the reservoir to recover the oil by
reducing the oil viscosity. This EOR method is most suitable for heavy oil reservoirs and
includes: (a) Steam drive which involves continuous injection of steam through injection
wells, driving the oil towards the producing wells; (b) Huff ‘n’ Puff, which involves
alternate steam injection and oil production from the same well; (c) In-situ combustion,
which involves partial combustion of oil in place to reduce the oil viscosity and sometimes
followed by the injection of water to recover the heat from the rock behind the front.

Chemical methods are based on the injection of water containing chemical
additives. This category includes: (a) Polymer flooding where polymers are added to water
to increase water viscosity and to reduce mobility ratio; (b) Surfactant flooding where
surfactant solutions are injected to mobilize the residual oil through reduction of the
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interfacial tension (IFT) between oil and water; (c) Alkaline flooding where alkaline
solutions are injected to enhance the recovery factor through several mechanisms such as
IFT reduction, emulsification, and wettability alteration. However, alkaline-surfactant-
polymer (ASP) is considered as the most promising chemical method because it integrates
the advantages of alkali, surfactant, and polymer. Due to the synergy, ASP has the ability
to improve microscopic displacement as well as the volumetric sweep efficiencies during
the displacement process [10].

Gas Injection is the second most widely used EOR process, only next to thermal
processes. In gas injection, the displacement of oil is achieved by non-aqueous injection of
hydrocarbon solvents, lean hydrocarbon gases or high-pressure non-hydrocarbon gases like
CO,, N, or flue gases. However, CO; injection is preferred over other gases because it is
cheaper, has higher density, and offers environmental benefits by providing for CO,
sequestration in the reservoir [11, 12].

Other EOR methods include the microbial-based EOR by in-situ and ex-situ
methods. The in-situ MEOR utilizes microbial growth and metabolism inside the reservoir,
while ex-situ scheme involves direct injection of desired active products produced by
microbes on the surface [13]. Lazar et al. [14] reported oil recovery up to 50% of residual
oil through the application of microbial EOR methods. The hybrid EOR methods which are
combinations of two or more EOR methods are also developed to increase oil recovery,
lower operational costs, and overcome challenges [15]. One of the hybrid EOR methods
that is gaining popularity recently is the low salinity water flooding (LSW). LSW changes
the brine salinity or ionic composition of the injected water for improving oil recovery.
The mechanism of oil recovery by LSW depends on a number of factors that are related to
the composition of brine injected like fine clay mineral migration, alteration of wettability,
formation of emulsion, pH control, and reduction of IFT [16]. The addition of other
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materials like nanoparticles, polymer, surfactant, gas in LSW has also shown promising

results for EOR.

1.2 Concepts of EOR Processes

The main aim of the EOR processes is to improve the overall oil recovery
efficiency (E,), which is product of the macroscopic or volumetric sweep efficiency (Eo)
and the microscopic displacement efficiency (Ego):

E.=E, x E, =E, x E, x E (1.1)
where E, and E, are the areal sweep efficiency and vertical invasion efficiency respectively
[17]. E4 is the fraction of the total pattern area that is swept by the displacing fluid and E,
the fraction of the pay zone’s vertical section that is swept by injected fluids. Both E, and
E, are influenced by fluid mobilities, reservoir heterogeneity, and total volume of fluid
injected [18]. Microscopic displacement efficiency (Ego) is defined as the fraction of oil
displaced in the pores within the volume of the reservoir that has been flooded. It can be

expressed as
Edo: oi or (12)

where S,; is the initial oil saturation, and S, is the remaining oil saturation. The Eg,
depends on fluid viscosity, reservoir dip, capillary pressures, rock wettability, and IFT
value. Experiences have shown that it is not possible to produce all the oil from the swept
region of the reservoir due to the trapping of the oil droplets by capillary forces caused by
the high IFT value between oil and water. The displacement efficiency can be increased
by reducing capillary forces or IFT value as is done in miscible gas flooding and chemical

flooding, or by decreasing oil viscosity as in thermal flooding or gas flooding. Both,
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microscopic displacement and macroscopic sweep efficiencies are strongly dependent on
the mobility ratio (M).
Mobility ratio (M) is defined as the ratio of the mobility of the displacing fluid to

the mobility of the displaced fluid.

M = MObIllty of the displacing fluid - Krdisplacing /“displacing (1 3)
Mobility of the displaced fluid K oy /Haspren '

where ‘K;” represents the relative permeability and ‘u’ the viscosity. Both Eq4, and E,,
values increase as the M decreases. Thus, for efficient displacement, mobility of the
displacing fluid should be less than the mobility of the displaced fluid i.e. M < 1 which is
considered to be favorable, while M > 1 is unfavorable. A large viscosity difference
between the displacing and displaced fluid makes the M unfavorable promoting viscous
fingering to reduce oil recovery. M < 1 can be achieved by increasing the viscosity of
displacing fluid, decreasing the p of the displaced fluid, and by improving the K; of the
displaced fluid (oil).

Oil recovery efficiency is greatly influenced by the capillary forces which are
responsible for trapping residual oil in the small pore spaces of the reservoir rock. A very
important parameter considered in EOR is the capillary number. This is a dimensionless
parameter and defined as the ratio of viscous to interfacial forces, neglecting the
gravitational forces. The viscous forces help to mobilize oil, while the capillary forces
cause oil retention [19].

_ Viscous forces _ v
Interfacial forces A Cos0

(1.4)

cap

where v is the displacing fluid pore flow velocity, u is the viscosity of the displacing fluid,

A is the IFT between the displaced and displacing phase fluids and 6 is the angle of contact.
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After conventional water flooding, the value of N¢,p is low and normally of the
order of 107 to 10 due to which sufficient amount of oil is left behind in the pore spaces
of the reservoir rock trapped by capillary forces [20]. Generally, three factors are
responsible for the high residual oil saturation: high oil viscosity, existence of interfacial
forces between oil, water and/or gas, and reservoir heterogeneities. If the Neap in an EOR
process is increased, the residual oil saturation can be mobilized and produced. The
relationship between residual oil saturation and N is termed as capillary desaturation
curve. A large value of Ncy, Of the order of 107 is required to mobilize trapped oil and to
reduce the residual oil saturation to about zero [21]. Ncsp can be increased by increasing
pressure gradient, increasing the displacing fluid viscosity or by decreasing the IFT. The
most convenient way to increase the Ncgp is to lower the IFT value. Most of the chemical
and gas EOR methods are designed to lower the IFT value so that the N, can be increased

for better oil recovery.

1.3 CO, Flooding

CO; flooding as an EOR method was first implemented way back in 1930,
however, most of its development took place in the 1970s [11]. It is a well established
EOR method and considered to be the most effective for light and medium oil reservoirs
This process has the capability to extend the field’s production life by 15-20 years and can
recover an additional 15 to 25% of OOIP [22]. Along with oil recovery, CO, flooding has
also been recognized as a carbon sequestration method [23, 24]. The concentrations of the
primary greenhouse gases (CO, and methane) have substantially increased since the 1700s
due to human activities [25]. These gases are currently emitted to the atmosphere more
quickly than the capacity of the natural system to remove/absorb them resulting in the

accumulation of these gases in the atmosphere. Global warming which is the result of such
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accumulation adversely affects the ecosystem and climate. By injecting CO, gas into the
underground reservoir for oil recovery, the sequestration of CO, takes place reducing the
emission of the greenhouse gas. Fig. 1.1 shows the schematic representation of oil

recovery by CO; flooding.

Co, Oil + water + gas

!

1 Injector Producer

Fig. 1.1: Schematic representation of continuous CO; flooding showing early injection gas
breakthrough [[26], modified]

Depending upon the operating pressure, the injected CO, can develop miscible or
immiscible conditions with oil in the reservoir. However, miscible or near-miscible
flooding is the preferred method due to its potential to achieve improved oil recovery. In
miscible flooding, the increase in oil recovery occurs through the mobilization of lighter oil
components, reduction of oil viscosity, swelling of oil, and reduction of IFT [27, 28]. This
process occurs when the operating pressure of the reservoir is above the minimum
miscibility pressures (MMP) of the crude oil when CO, becomes miscible with oil through
multi-contact or dynamic miscibility. The injected CO, gas vaporizes the intermediate
components of crude oil (vaporizing gas drive method) and develops complete miscibility
due to the mutual mass transfer between the two phases [29]. Miscibility causes the

lowering of IFT thereby eliminating the capillary pressure and the result is literally 0%
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residual oil saturation [30]. Although the miscible process is more efficient for EOR,
achieving miscibility is not always possible under various reservoir conditions and fluids
properties due to technical and safety considerations. Conversely, in immiscible
displacement the operating pressures is below the MMP, so less mutual interchange of
components takes place between the injected gas and the crude oil. The main driving
mechanisms of immiscible CO, flooding are oil swelling, oil viscosity reduction, solution
gas drive, and reduction of IFT or a combination of these mechanisms which assists in
mobilizing a part of the residual oil to improve oil recovery [31].

In the immiscible flooding method, CO, gas is injected at subcritical pressures
which not only provides energy to the reservoir to assist the flow of oil but also produces
additional oil [32]. Injected CO; dissolves in the crude oil to reduce oil viscosity which in
turn improves the mobility ratio resulting in better Ey. Moreover, CO, gas upon contact
with crude oil causes oil swelling by a process of dissolution. Swelling causes the
discontinuous residual oil droplets to combine with the flowing oil phase, and the result is
a lower residual oil saturation [33]. Fig. 1.2 illustrates the saturation pressure, oil viscosity
and swelling factor dependence on CO; solubility in crude oil. Saturation pressure
increases as CO, solubility increases, as shown in Fig 1.2 (a) which can be explained by
the fact that higher pressure is required to gasify oil with higher fraction of dissolved CO,
gas [34]. Fig. 1.2 (b) shows that the viscosity of crude oil decreases with an increase in
CO; solubility in crude oil. This is the primary mechanism of heavy oil recovery by CO,
flooding as the viscosity of heavy oil can be reduced considerably by CO, dissolution as a
lower pressure [35]. Swelling factor is also observed to increase with CO, dissolution as
depicted in Fig 1.2 (c). Although miscibility between crude oil and CO; is not significant
in immiscible flooding, still CO, will dissolve in the oil phase to cause a reduction of IFT
and improve the oil relative permeability. Additionally, the oil is displaced towards the
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production well by the injected CO, gas. However, oil swelling and viscosity reduction are
the prominent effects of the immiscible CO, EOR process contributing towards additional
remaining oil recovery from the reservoir. Literature reports that CO, immiscible flooding
could recover an additional 4.7 to 12.5 %OOIP [36].

According to the IEA, the total numbers of worldwide CO,-EOR projects were 166
in 2017 with more number of miscible CO,-EOR projects compared to the immiscible
projects. The largest miscible CO, flooding in the world was developed in 1972 in Texas
by Chevon in the SACROC (Scurry Area Canyon Reef Operators Committee) unit of the
Permian Basin, which was also the first miscible CO, flooding project. CO, is recovered
from flues gas of four gas plants and after dehydration is transported 220 miles to
SACROC for injection [37]. The Bati Raman project in Turkey is acknowledged as the
world’s largest application of the immiscible CO,-EOR project [38]. Started in 1986 after
successful lab tests added by the availability of a large amount of CO; gas in a neighboring
field about 55 miles away, the project is producing 7,000 bpd [39]. CO, required for
injection can be obtained from either natural or anthropogenic sources. In the U.S, the
principal source of CO, comes from natural CO; reservoirs. CO, gas from these sources is
mainly injected in the Permian Basin CO,-EOR projects [40]. Nonetheless, CO, from
anthropogenic sources is steadily gaining importance due to the benefit derived from CO,
sequestration. One of the biggest global CO,-EOR projects using anthropogenic CO, was
reported to be the Weyburn project in Canada [41]. The source of the CO, gas was the
large gasification plant situated in North Dakota from where the gas is transported. About
1,600 x 10° ton/year of CO, is sequestered which was equivalent to 67% of injected gas

amount.
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Fig. 1.2: CO; solubility in crude oils with respect to (a) Saturation pressure, (b) Viscosity, and (c) Swelling factor [34, 42]
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As far as India is concerned, Oil and Natural Gas Corporation (ONGC) is
mainly involved in studying the feasibility of CO,-EOR application in Indian oilfields.
One CO,-EOR pilot project was planned in the Ankleshwar oil field of Western India,
where experimental and modeling studies had given encouraging results. These studies
indicated that CO,-EOR is technically feasible in this field and recovery could be
expected to improve by approximately 4% in the project life of 35 years. The
anthropogenic CO, for injection would be supplied from an adjacent gas processing
plant in Hazira. The CO; gas of the plant is being vented to the atmosphere and by

injecting into the oilfield it is expected to sequester 5 to 10 million tons of CO, [43, 44].

1.4 Problems Associated with CO, Flooding

Although CO; flooding is considered a successful EOR technique, a large part
(35%—65%) of the oil in place remains unrecovered even after a sufficient volume of
CO; injection. Miscible CO, flooding typically recovers 10%-20% OOIP through the
injection of dense CO, equivalent to nearly 80% of the hydrocarbon pore volume
(HCPV), while immiscible CO, flooding can recover only 5%-10% OOIP because of
the non-zero IFT between the CO, and crude oil [45]. The primary reason for the lower
oil recovery of CO; flooding is related to its density and viscosity. The low density
relative to oil leads to gravity overriding/segregation, a situation where CO, migrates
toward the upper part of the pay zone. As a result, the lower portions of the formation
remain unswept by CO, lowering E,, and consequently significant amount of oil is left
behind. Moreover, mobility ratio in CO, flooding is unfavorable due to the much lower
viscosity of the injected CO, gas compared to crude oil under reservoir conditions. The

high mobility ratio promotes viscous fingering and excessive flow in high permeability
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layers. The resultant effect is early gas breakthrough, reduced E,,, and high residual oil
saturation.

The other problems associated with CO, flooding that reduce the process-
efficiency are corrosion and asphaltene precipitation. When CO, reacts with formation
water carbonic acid form making the formation water acidic. The acidic environment
may corrode the downhole tubular and production equipment increasing the risk of
leaks. Moreover, the acidic water may dissolve harmful elements affecting drinking
water sources. Another dominant problem that may occur during CO, flooding is the
possibility of asphaltene precipitation. Asphaltenes tend to remain in solution under
reservoir temperature and pressure conditions stabilized by resins adsorbed on their
surface. Asphaltenes may start to precipitate if the stability of crude oil is destabilized
due to changes in temperature and/or pressure during primary depletion. Asphaltenes
may also become unstable as a result of the mixing of fluids as well as during gas
injection for EOR operations [46]. During CO, flooding, the interaction of the CO, and
crude oil may cause the asphaltene-to-resin ratio of crude oil to altered leading to
asphaltene precipitation and thereby its deposition [47]. In the reservoir, the
precipitation may obscure the movement of CO, into the portions of the reservoir
containing residual oil and thereby lower E,,. Resins have the effect of keeping
asphaltenes in solution. A high resin to asphaltene ratio (R/A) indicates that asphaltenes
are less likely to come out of solution [48]. Leontaritis and Mansoori [49] presented a
condition for asphaltene stability as follows: R/A > 3.0 as steady-state, 2.0 < R/A < 3.0
as meta-steady state and R/A < 2.0 as unsteady state. However, among all the
complications of CO, flooding, unfavorable mobility ratio and conformance issues are

considered the most dominant ones affecting the process.
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The techniques commonly employed to overcome CO, mobility and

conformance control problems are summarized below:

@) Water-alternating-gas (WAG): This is the technology of choice for CO,
mobility control where instead of continuous injection, CO; is alternately injected with
water into the reservoir as short slugs so as to provide better E,, and reduce CO2
consumption. This technique lowers the relative permeability to CO, through increased
water saturation and lower CO; gas saturation in the pore spaces of the reservoir rock.
The mobility of gas is controlled and early gas breakthrough is alleviated through WAG
injection which improves the displacement efficiency of the process [50, 51]. The first
reported WAG field application was a pilot study in the North Pembina oil field in
Alberta, Canada in 1957 [52, 53]. The obvious advantage of WAG lies in the fact that

both the injected fluids are available in large volumes and so less costly. The schematic

representation of the CO,-WAG process is shown in Fig. 1.3.
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(b) Direct Thickener: The use of direct thickeners like soluble polymers that
significantly increase CO; viscosity is sometimes used for mobility control during CO;
flooding. The thickened CO, gas injected without water improves the displacement
efficiency without the water blocking problems and corrosion issues associated with
WAG.

(© CO,-foams: Foam has been used to control gas mobility and improve oil
recovery during gas EOR processes. Foam exhibits various favorable attributes which
makes it an attractive method for improving oil recovery. Foam reduces the apparent
viscosity of the gas and lowers the relative permeability of the liquid, making the
mobility ratio favorable. Additionally, foam reduces CO, mobility by a greater fraction
in high-permeability cores than in lower-permeability cores [55, 56]. This unique
property of foam is termed as selective mobility reduction which assists in smoothening
heterogeneities [57]. The stronger foam generated in the high-permeability zones
behaves like a more viscous fluid which diverts fluid to low-permeability zones of the
reservoir, thus providing better mobility control to improve E,, [58]. The presence of
surfactant during foam flooding, on the other hand, helps to mobilize residual oil by

lowering the oil-water IFT value.

1.5 Different Types of WAG Flooding

Although WAG is the most widely used technique for mobility control in
CO; flooding, the process still leaves behind about 33% to 67% of the oil unrecovered
by secondary water flooding. The improvement of oil recovery by WAG injection is
around 10 % OOIP [52, 59, 60]. This low recovery is primarily due to the water
blocking effect. Water blocking occurs when the injected water separates the residual

oil from coming into contact with the CO, gas. Water itself cannot remove the capillary
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held residual oil due to the high oil-water IFT and consequently, the microscopic
displacement efficiency is low. Moreover, in the case of viscous oil reservoirs due to
the unfavorable mobility ratio, viscous fingering of injected water and early injection
gas breakthrough occurs. Thus, major areas of the reservoir with residual oil remain
unswept by the injected fluids resulting in low oil recovery [61]. Other concerns
associated with CO,-WAG injection are difficulty in controlling gas/CO, breakthrough
as the WAG process matures, huge volumes of water injection delay the project
duration, corrosion, and water injectivity loss.

Various studies to improve the performance of CO,-WAG and overcome its
limitations have led to the development of the chemically-enhanced-water alternated
gas (CEWAG) method. This method combines the benefits of both gas and chemical
EOR methods. Different types of chemicals like surfactants, alkalis, co-surfactants,
salts, polymers, co-solvents, and nanoparticles are used based on the specific
application [57, 62]. The mechanism is referred to as surfactant-alternated-gas (SAG)
flooding when surfactants are added to water during the WAG injection process
resulting in foam formation in the pore spaces of the reservoir rock [63, 64]. Previous
studies have reported improvement in E,, and significant increase in oil recovery by
SAG flooding compared to continuous CO; injection and CO,-WAG injection [65-68].
The higher oil recovery obtained by SAG injection can be attributed to a number of
factors like the reduction of oil-water IFT due to the presence of surfactants, better
mobility control due to foam formation, and mutual mass transfer between the fluids.
Foam increases the apparent viscosity of CO, gas thereby reducing its mobility. Thus
channeling and viscous fingering problems are alleviated significantly. Additionally,
foam also decreases the permeability to water due to the higher trapped gas saturation in
pore spaces of the reservoir rock [69]. Although foam can be formed in the reservoir by
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the co-injection or alternate injection of gas and surfactant solutions, the alternate
method is preferred over co-injection due to its characteristic advantages [66, 70, 71].
SAG minimizes contact between the water and gas/CO, in the surface facilities and
pipelines reducing corrosion. SAG injection also increases gas injectivity due to
changing saturation near the well-bore [72]. Additionally, SAG injection can reduce
gravity override problems without increasing injection well pressures that cannot be
done with continuous co-injection method [73].

However. surfactants injected with CO; during the SAG process are susceptible
to be adsorbed by the clay minerals in the rock matrix which reduces the efficiency of
the foam process [74]. Traditionally, alkali has been used to decrease the adsorption of
anionic surfactants onto the reservoir rock. Alkali acts as a sacrificial agent for anionic
surfactants by fixing the surface charge to negative values. The negative charge of the
surface causes electrostatic repulsion between the rock surface and the surfactant,
leading to a significant decrease in adsorption of surfactant [75]. Adding alkali also
assists in converting the naturally occurring naphthenic acids in crude oils to produce in
situ surfactant (soaps). The combination of injected surfactants and in-situ soaps
generated helps to form microemulsion, which exhibits ultra-low oil-water IFT (<0.01
mN/m) thereby mobilizing capillary held residual oil for increasing oil recovery. In
association with the CO; gas, the alkali-surfactant (AS) combination in the chemical
slug results in the formation of strong/ stable in-situ foam in the reservoir. This process
of alternate injection of gas/CO, and AS slug is variably referred to as alkaline-
surfactant-foam (ASF) flooding, low tension gas (LTG) process, alkali surfactant gas
(ASG) injection and alkaline-surfactant-alternated-gas/CO, (ASAG) flooding in the
literature [76-81]. Fig. 1.4 shows a schematic representation of the displacement
process in continuous gas injection (CGI), WAG, SAG, and ASAG flooding.
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Fig. 1.4: Schematic representation of the displacement process in CGl, WAG, SAG, and ASAG injection scheme [[82], modified]
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1.6 Alkaline-Surfactant-Alternated-Gas/CO, (ASAG) Flooding

ASAG flooding is, in essence, a modification of the CO,-WAG process designed to
overcome the limitations associated with WAG. This is a relatively new EOR method
compared to alkali surfactant polymer (ASP) and gas flooding, and only limited
experimental works have been reported. ASAG flooding involves the alternate injection of
AS slug and gas/CO; in the reservoir leading to the formation of in-situ foam, due to the
alternating imbibition/drainage cycles, which helps to control the gas mobility (Fig. 1.5).
The combination of alkali-surfactant in the chemical slug assists in the attainment of ultra-
low oil-water IFT, which in turn increases the Ncgp high enough to mobilize the residual oil
held by capillary forces [81]. Studies have reported that the displacement efficiencies
obtained from ASAG flooding are comparable to those of ASP flooding for core flooding
experiments carried out under similar conditions [78, 83]. In fact, ASAG flooding is
reported to be an attractive alternative solution to ASP for reservoir under harsh conditions
like high salinity, high temperature, and also for tight rock [79, 84]. Currently, ASP
flooding is the most promising chemical EOR method but the use of polymers carries
various limitations. Polymers, for example, may cause plugging of low permeability rocks,
can be unstable under high salinity and high reservoir temperatures and maybe
mechanically degraded due to high flow rate [85]. For these harsh salinity and reservoir
conditions, polymers in ASP can be successfully replaced by gas/CO, as in ASAG
flooding. Foam formation during ASAG flooding provides the required mobility control
through an increase in the apparent viscosity of gas and reduction of the relative
permeability of the aqueous phase. The result is the improvement of both the E,, as well as
the Ego during ASAG flooding. With these favorable attributes, ASAG flooding is
considered to be a viable EOR method and as a potential alternative to ASP flooding for

oilfield applications.
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Fig. 1.5: Schematic representation of ASAG flooding showing the alternate injection of

alkali-surfactant (AS) slug and gas/CO; injection

1.7  Oil Recovery Mechanisms of Other EOR Methods

ASAG process was designed to integrate the favorable attributes of chemical (alkaline and
surfactant) and gas /CO; flooding, which in turn makes the oil recovery mechanism quite
complex. The oil recovery mechanisms of alkaline and surfactant chemical EOR processes

are summarized below:
1.7.1 Alkaline Flooding

In this EOR method, alkaline solutions are injected into an oil reservoir during or
post waterflooding. The oil recovery mechanisms of alkaline flooding primarily include
reduction of oil-water IFT, wettability reversal, and emulsification with entrapment of oil
[6, 86-90]. Depending on the nature of the crude oil and the reservoir rock, each of the
mechanisms may play more or less important roles when alkaline solutions are injected
under different reservoir conditions. Alkaline flooding is not recommended for carbonate
reservoirs because the alkali solution reacts with calcium ions causing hydroxide
precipitation which leads to formation damage [91].

Crude oils with acid number greater than 0.5mg KOH/g in crude oil are known as

acidic crudes are suitable for alkaline EOR [92]. The mechanism of alkali-crude oil
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reaction in alkaline flooding is shown in Fig. 1.6. Sheng [93] reported that a highly oil-
soluble single pseudo-acid component (HA) is assumed to be present in oil. This pseudo-

acid component partitions into the aqueous phases upon contact with water i.e.

HA, & HA, (1.4)
where HA, and HA,, are the acid species, A is long organic chain and subscript ‘0’ and ‘w’
represents oleic and aqueous phase respectively. HA,, dissociates into its components as:

HA, & H" + A (1.5)
Further, upon alkali (Na,CO3) hydrolysis OH" ions are produced which react with HA,, to
form oil soaps NaA (which acts as a soluble anionic surfactant). The overall reaction is:

HA,+ Na,CO, <> NaA + H,0O (1.6)

Another important oil recovery mechanism of alkaline flooding is wettability
reversal. In oil-wet reservoirs, the addition of alkali increases the pH of injected water
which causes the rock wettability reversal from oil-wet to water-wet. As a result, the water-
oil relative permeability ratio and the water-oil mobility ratio are reduced, that improves
the oil displacement efficiency [94, 95]. In the case of water-wet reservoirs, the non-
wetting residual oil in discontinuous form can be converted to a continuous wetting phase
through wettability reversal under specific conditions of pH, salinity and reservoir
temperature. Moreover, water droplets in the continuous oil phase increase the pressure
gradient of the flow. Thus, the capillary held residual oil is mobilized and higher recovery
is obtained [86].

The commonly used alkalis are NaOH, Na,COs, Na;O,4Si, BNaO, (NH,4),COs, and
NH;OH. Na,COg3 has been reported to be a better candidate for alkaline flooding. Alkali
consumption during flooding can be reduced by the use of Na,CO3 and breakthrough times
are also minimized. With Na,COs, the mineral dissolution and ion exchange are also

considerably lower compared with NaOH and NasO;Si [96]. Cheng [97] reported that
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formation damage by precipitates of COj is less severe due to their smaller sizes compared
to SiO4 and OH precipitates. Moreover, Na,CO3 has also been found to be less corrosive

when compared to NaOH and Na,O,Si for sandstone reservoirs [98].

H,0
A ROCK
Na"/
OH- =
HA
olL /’
NaOH \

HA, H,0
HA,, &= A+ H*

Fig. 1.6: Schematic diagram of alkaline flooding mechanism illustrating the reaction

between alkali (NaOH) and acid component of crude oil [99]

1.7.2 Surfactant Flooding

In surfactant flooding, solutions containing surface-active agents are injected into
the reservoir for the purpose of mobilizing trapped residual oil [100]. The primary oil
recovery mechanism of surfactant flooding are lowering of oil-water IFT due to the
adsorption of surfactants on the liquid-liquid interface and changing the reservoir rock
wettability [101]. IFT reduction plays a very important role in surfactant flooding and is
affected by many factors like the type of surfactants and their concentrations, solvents,
salinity, composition of crude oil and reservoir conditions [102]. A correctly designed
surfactant system interacts with brine and crude oil to form microemulsions at the interface
of oil and water reducing IFT to ultra-low value [103]. In this respect, the phase behavior
study of microemulsion is very important in surfactant-based EOR application to evaluate

surfactant formulations and as an indicator of ultra-low IFT. Microemulsion phase
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behavior can be described by Winsor type I, type Il, and type Ill. A change in the phase
behavior can be brought about by changing the variable such as salinity, surfactant
structure, temperature, and pressure [104]. For an ionic surfactant, microemulsion phase
behavior is particularly affected by the salinity or concentration of electrolyte [87].

At low salinity, type | or oil-in-water microemulsions occur and are characterized
by coexistence with nearly pure excess oil phase. Whereas, at very high salinity, type 1l or
water-in-oil microemulsions are formed, which are characterized by coexistence with an
excess brine phase. In between the type | and type Il regions, a narrow intermediate
salinity range exists in which oil and water microemulsions are formed as a middle phase
and coexist with both excess oil and excess water phases. These are referred to as type Il
microemulsions and the salinity as optimal salinity. Type Il microemulsion and optimal
salinity are of great importance in surfactant flooding because of the existence of ultra-low
IFT [105, 106]. With low IFT, the residual oil droplets are able to easily flow through the
pore throats as the capillary trapping is reduced (Fig. 1.7). These oil droplets travel forward
and merge with the oil down the stream leading to the formation of the oil bank [102].
Additionally, surfactant solutions also cause the altering of reservoir rock wettability to
more water-wet condition by increasing the spontaneous imbibition of water into matrix
blocks, which helps to increase the oil recovery [107]. The wettability mechanism is more

prominent in carbonate reservoirs which are likely to be oil-wet.

Rock
Trapped surface

oil produced

Trapped urface .

I )

oil V
CR—ON IFT reduced due to Rock
surface surfactant flooding surface
Oil is trapped Trapped oil is produced

Fig. 1.7: Mechanism of oil recovery by surfactant flooding illustrating the effect of low
IFT on residual oil [[108], modified]
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1.8 Foams Concepts

Foams are dispersions of gas in liquid where liquid containing surfactant forms the
external or continuous phase, whereas gas forms the internal or discontinuous phase
separated by thin liquid films called lamellae [57]. The role of the surfactant is to stabilize
the lamellae against rapture thus providing stability to foam. The border where the lamellae
join or meet a solid surface is known as the plateau border. In wet foam, the liquid exists

mainly in the plateau borders. A 2-D view of foams in general is shown in Fig. 1.8.

Lamella Plateau border

Bulkliquid

Thinfilmregion Interface
(liquid phase) (2-D Surface Phase)

Fig. 1.8: Schematic representation of a general foam system showing the lamella and
plateau borders [109]

Foam has a wide range of applications in the oil industry. During drilling, foams
can be used to carry the rock cuttings to the surface. In well-stimulation treatments, foams
can cause diversion of acids to improve the acid-injection profile. In EOR, foams are
popularly used for gas mobility control. Broadly, foams can be grouped as bulk foam and
foam in reservoir rock. Foam with bubble sizes much smaller than the pores or volume of
the container is termed as bulk foam. On the other hand, foam in reservoir rock has bubble

size larger than the pore size so that energy is required to force the bubbles through the
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pore constriction [110]. The behavior of foam in reservoir rock is influenced by pore size
and pore throat distribution. Foam in porous media does not exist as continuous
interconnected gas bubbles but as discrete gas bubbles separated by liquid lamellae. These
gas bubbles are in contact with the pore walls through the wetting phase fluid. Foam
travels as bubble train in porous media with each bubble separated from the next by liquid
lamellae film.

When foam flow through reservoir rocks, gas can exist as trapped gas, continuous
gas, or discontinuous but moving gas. The continuous gas flows in interconnected channels
without any lamellae. Discontinuous but moving gas is separated by lamellae. The moving
lamellae senses drag force while moving along the pore walls. Thus, the moving gas
experiences resistance to flow which is like the effect of increasing gas viscosity. The
actual gas viscosity is not increased by foam but gas experiences increased resistance to
flow due to lamellae presence, so foam is said to increase apparent gas Viscosity.
Discontinuous foams are stronger foam, which are formed when gas and surfactant are co-
injected or alternately injected under proper conditions. Trapped gases that are not mobile
reduces the pore volume available for flow and changes gas flow paths. This causes a
reduction in the effective permeability of gas flowing through the porous rocks [111].
Foam thus reduces gas mobility by increasing the apparent viscosity of gas and decreasing
the gas effective permeability. Reducing gas mobility in the porous rock increases gas
saturation and consequently decreases the liquid saturation. The lower value of liquid
saturation, in turn, decreases the liquid relative permeability.

During the flow of foam through the pore spaces of the reservoir rock, the lamellae
creation and decaying takes place continuously during the flooding process. But the rate of
lamellae creation should be greater than or equal to the rate of decaying for better mobility

control. There are three generally accepted mechanisms of foam generation: leave-behind,
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lamella division, and snap-off. When gas enters liquid saturated reservoir rock, lamellae is
left behind in the pore throats between the pore spaces. Foam generated by the leave
behind mechanism is considered weak. The lamella formed can get transported and
multiply by lamella division mechanism. Lamella division occurs by subdivision of pre-
existing lamellae in the reservoir rock when the pressure gradient is sufficient to move the
lamellae through the pore throats. Snap-off is an important mechanism of foam generation
in the reservoir rock. This is a mechanical process where the liquid wetting phase forms
collars in the pore throat that snaps off the gas bubble as it moves through the pore throat.
For snap-off to occur the pore throat to pore body ratio should be 1:2.67. Both lamellae
division and snap-off mechanisms generate discontinuous gas foams which are considered

as strong foam [112].

1.9 Foam Stability

Foams are not thermodynamically stable and ultimately collapse in due course of
time. Foam stability is dependent on many factors concerning the bulk solution and
interfacial properties such as gravity drainage, capillary drainage, surface elasticity,

disjoining pressure, and gas diffusion.
1.9.1 Gravity and Capillary Drainage

Foam stability depends on the liquid drainage from the inside of lamellae which
causes film thinning and eventually rapture. Foam drainage is driven by two forces: gravity
and capillarity. Gravity causes the liquid in the lamellae to drain causing the gas bubbles to
collide and collapse unless the liquid film is thick. Liquid drainage due to capillary
pressure occurs when the lamella is thin. Capillary pressure is measured as the difference
of pressure between the gas and the liquid phase. As shown in Fig. 1.8, gas-liquid interface
along the thin-film regions are flat or larger radii, while at the plateau borders are curved or

smaller radii. Since capillary pressure is inversely proportional to the interface-radius (as
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per the Young-Laplace equation), there exists a difference of pressure between the thin-
regions and plateau borders. This pressure difference causes the liquid out of the lamella

towards the plateau borders, thus reducing film thickness and eventually rapture [113].
1.9.2 Marangoni Effect

For foam to be stable, the thin films should be elastic to withstand deformations
without collapsing. If the liquid film in the foam system undergoes a sudden expansion, the
adsorbed surfactant concentration decreases in the expanded area of the film. This causes
an increase in the local surface tension gradient. As a result, liquid flow into the film takes
place from the low-tension area to the high-tension area. The liquid flow opposes the
thinning of liquid film which helps to stabilize the foam system. When equilibrium
surfactant concentration is reached, the liquid flow stops. This effect is known as surface

elasticity or Marangoni effect [109].
1.9.3 Disjoining Pressure

The disjoining pressure arises from the overlap of molecular interactions between
interfacial layers and is the total effect of forces which are of different nature. It is the
difference of pressure between the gas and the liquid phases within a film, and is
dependent on the film’s thickness. There are three components of the disjoining pressure:
attractive Van der Waals force, repulsive electrostatic potentials, and steric/hydration
forces. The Van der Waals force results from the interactions of neutral molecules across
the film and results in film thinning. This is because these forces are present when
surfactant is absent making disjoining pressure negative and so lamellae rapture quickly.
When the ionic surfactant is added, the surfactant molecules are adsorbed on the gas-liquid
interface creating an electrical double-layer, which is the source of the repulsive forces that

stabilize the lamella. Thus, the ionic strength of the aqueous solution also determines the
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degree of lamella stabilization [114]. The steric forces which are repulsive in nature also

prevent lamella thinning [85].
1.9.4 Gas Diffusion

In a foam system, the gas bubbles do not have a uniform size distribution. The
smaller gas bubbles are at a higher pressure than the larger bubbles. This gives rise to a
chemical potential difference, which causes diffusion of gas through the liquid from the
smaller to larger bubbles. The result is smaller bubbles shrinks while the larger bubbles

grow by coalescence [105].

1.10 Literature Review of ASAG Process

The use of foam to reduce the mobility of gas-phase was proposed as early as in the
late 1950s when Bond and Holbrook [115] patented the alternate injection of surfactants
solutions (1 wt% sodium dioctylsulfosuccinate) with foaming properties and gas in sand
packed glass tubes. Their experiments showed that the SAG process could recover 70%
OOIP compared to 40% OOIP by WAG flooding which demonstrated the usefulness of
employing surfactant solutions in conjunction with gas-drive. The formation of foam front
at the interface of the injected gas and surfactant solution increased the displacement of the
gas drive and improved oil recovery.

Kamal and Marsden [116] experimentally studied the displacement process of foam
in glass tubes packed with sands. The 0.05 and 0.1 PV micellar slug was used to displace
the crude oil in secondary and tertiary recovery mode. Foam was formed in a foam
generator from 0.2 wt% Triton X-100 and was used to displace a micellar slug. Similar
experiments were carried out with polymer thickened water (500 ppm polyacrylamide) in
place of foam to compare the results. Their results demonstrated that additional oil
recovery can be obtained by injecting micellar slug followed by foam drive. Foam could

effectively displace micellar slugs to obtain oil recovery. Although ultimate oil recoveries
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by micellar slug displaced by foam and polymer solution were comparable, much lesser
amount foaming agent than polymer was required. Consequently, foam displacement
process was shown to be more cost-effective than polymer.

Bernard et al. [117] reported experimental works to enhance the performance of
CO; flooding by controlling gas mobility through alternated CO, and surfactant solution
injection into the reservoir. They performed these tests on Berea sandstones and carbonate
cores and with all three types of surfactants namely anionic, non-ionic and cationic. The
results of their study indicated that the efficiency of the WAG injection increased when
surfactant was added to the water due to the reduction of CO, mobility by about 50%. With
the increase in surfactant concentration from 0.1 to 1 wt%, the CO, mobility could be
reduced from 60 to 5 md/cp. Foams generated reduced CO; flow through cores and a lesser
amount of CO, was required for the same oil recovery. Moreover, surfactant slug followed
by continuous CO; injection resulted in the same oil recovery as alternated CO, and
surfactant slug injection.

Julio and Emanuel [118] performed core flooding experiments on unconsolidated
sandstone cores using heavy California oil (14 °API) to tested the mobility-control ability
of foam during immiscible CO, flooding. Foam formed by the co-injection of CO, and 0.5
wit% surfactant solution (Chevron’s CRSO 85/66) was able to recover an extra 33.6 %
OOIP compared to waterflooding and WAG flooding. The increase in oil recovery was a
result of mobility control and diversion of CO, to lower permeability zones unswept by
waterflooding and WAG.

Lawson and Reisberg [119] studied a technique for mobility control during
chemical flooding by injecting alternate slugs of inert gas (N,) and surfactant solution on
Berea sandstone, Ottawa sand packs, and Indiana limestone. They observed that foam

formation could successfully provide mobility control, which was comparable with
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mobility control by water-soluble polymers. Their experimental results also indicated that
the use of alkali (borax) in the chemical slug and preflood could reduce surfactant
adsorption in carbonate rocks.

Demin et al. [120] reported the first field pilot test of ASP foam (ASPF) carried out
in the northern part of Daging oilfield, China by adding natural gas to the ASP slug . The
chemical slug comprising of 0.3 wt% surfactant, 1.2 wt% NaOH and 1200 mg/l PAM was
coinjected with natural gas. ASPF flooding increased oil recovery by 30% and 10% OOIP
beyond water flooding and ASP flooding respectively. Higher recovery was attributed to
improvement in the volumetric sweep efficiency due to foam formation.

Srivastava et al. [83] used foam as a gas/CO, mobility control agent, formed by co-
injecting and alternate injecting of gas/CO, and chemical slug in Berea sandstone and
Silurian dolomite cores. The process was termed as alkaline-surfactant-gas (ASG)
injection. The ASG slug consisted of high-performance chemicals (surfactants, alkali, co-
solvents having the ability to lower oil-water IFT to ultra-low) and gas/CO,. The ASG
drive which followed the ASG slug consisted of aqueous phase of low surfactant
concentration and gas. The authors observed an increase in oil recovery during ASG
flooding due to the synergic effect of ultra-low IFT conditions and foam generation. ASG
process could successfully recover incremental oil up to a maximum of 90 % of remaining
oil after waterflood. Alkali presence increased the efficiency of the ASG flooding due to
in-situ soap generation and surfactant adsorption reduction. Comparable oil recoveries and
pressure responses were observed both for ASG and ASP flooding performed under similar
experimental conditions.

Zhang et al. [42] studied the chemical alternating gas (CAG) process in cores
packed with Ottawa sands. The ASP slug was followed CO, or flue gas (70% N in the

CO, stream) and finally extended water flooding. They observed that CO, dissolved easily
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into Saskatchewan heavy oil at moderate pressures (3.4-6.4MPa), causing Viscosity
reduction (45-88%) and oil swelling (1.2-8.1%). Their core flooding results indicated that
higher oil recovery could be obtained by CO,-CAG compared to CO,-WAG (27.43%
versus 9.43% OOIP).

Srivastava et al. [121] investigated the feasibility of immiscible alkaline-surfactant-
alternate-gas (ASAG) injection at a laboratory scale performed with crude oil Limbodara
oilfield India with Berea core sandstone core. The authors reported that displacement
efficiencies of ASAG core flooding experiments were comparable to ASP experiments
carried out under similar conditions. The incremental oil recovery obtained beyond
waterflooding with a single ASAG cycle and two ASAG cycles were 27.79% OOIP and
29.01% OOIP respectively indicating the potential of the ASAG injection for EOR.

Pei et al. [122] studied the foam flooding for heavy oil of Shengli oilfield by co-
injecting alkali-surfactant solutions with N, gas in cores and sand packs. They observed
that tertiary oil recovery by polymer-enhanced foam flooding was 11% higher than that of
ASP flooding. The results showed that tertiary oil recovery by foam flooding improved
with the increase in gas-liquid ratio and slug size.

Guo et al. [123] investigated the alkaline/surfactant/foam (ASF) process by
coinjection AS slug (1.0 wt% Na,CO3; + 0.5 wt% I0S ) and N, gas in Bentheimer
sandstone cores with or without AS preflush. The designed AS slug had well-defined
optimum salinity which reduced the IFT to ultra-low value and also displayed good
mobility control. Oil recovery by AS flooding and ASF flooding without AS preflush were
43% and 47% residual oil in place (ROIP) respectively. ASF with AS preflush was far
better with the recovery.

Cottin et al. [79] studied the effect of gas co-injected with AS slug in Middle East

carbonate core under harsh salinity and temperature conditions. They reported cumulative
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oil recovery of 48% OOIP and 76% OOIP from surfactant-gas (SG) and ASG flooding
respectively. Addition of alkali (Na,CO3 at 10000 ppm) to the chemical slug was able to
increase the pH of the slug before injection from 7.5 to 11 and thus reduce surfactant
adsorption by changing the charge on the rock surface.

Luo et al. [124] evaluated the effectiveness of the chemical-augmented WAG
process through an integrated process comprising of IFT and rheology measurements,
phase behavior studies, and core flooding experiments on sand packs. The authors
observed that reservoir oil viscosity reduced by 89% when 40.39 mol% CO, was dissolved
at saturation pressure. Oil recovery by CO; injection was more than flue gas of (30% CO,
+ 70% Ny) injection in the WAG mode. Immiscible WAG with CO, gas could favorably
recover residual oil from heavy oil reservoirs. Chemically enhanced WAG could increase
oil recovery by almost 3 times than CO,-WAG.

Zhang et al. [125] developed a foaming agent through the combination of 0.3%
Cocoamido propyl betaine + 0.2% coconut diethanol amide + 1600 ppm HPAM + Ny,
which displayed good foaming ability and could lower IFT to ultra-low value. The
operating parameters of foam injection like co-injection, direct injection, WAG and gas-
liquid ratio were studied through core flooding experiments performed on cores of Shengli
oilfield. The authors observed that ultralow IFT foam flooding could recover 21.55% more
heavy oil than the conventional direct foam injection indicating its effectiveness in heavy
oil recovery. The ultra-low IFT foam flooding had a stronger blocking effect in high
permeability zones of heterogeneous reservoirs which resulted in better sweep efficiency
and higher oil recovery.

Majidaie et al. [61] investigated the chemically enhanced water alternating gas
(CWAG) injection process through the injection of three WAG cycles followed by ASP

slug and finally followed by two more WAG cycles. The core flooding results performed
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on Berea sandstone cores indicated that CWAG method recovers more than twice the
additional oil recovered by WAG. The authors reported that the CWAG process reduces
the IFT to ultra-low value which minimizes the water blocking effect.

Lashgari et al. [80] used the four-phase chemical flooding reservoir simulator
(UTCHEM) to assess the performance of the low-tension surfactant-gas flooding using the
coreflood data generated experimentally and extension to the field scale reservoir pilot.
The history matching and reservoir simulation results indicated that IFT reduction,
displacement of oil by gas, and mobility control of gas were the main mechanisms of
increasing oil production. The laboratory coreflood reported the recovery of 91 %OOQOIP,
while numerical models in reservoir scale showed oil recovery between 65 — 88 % of
residual oil.

Jong et al. [84] performed core flooding experiments in high permeability Berea
sandstones to investigate the effect of salinity gradient on the low tension gas (LTG)
flooding and the interaction between microemulsion phase behavior and foam stability.
Their results showed that decreasing slug salinity leads to better foam stability, good
mobility control, and increase oil recovery by 15% ROIP, compared to slug injected at
optimum salinity.

Nasab and Zitha [81] evaluated the properties of the chemical slug for alkali—
surfactant-foam (ASF) flooding through microemulsion phase behavior, interfacial
properties, and foam stability characterization. Their results demonstrated that an ultra-low
IFT environment can improve both E,, and Eg4, of foam flooding. Their core flooding
displacement experiments on Bentheimer sandstone cores showed that using a blend of
surfactants along with gas resulted in the residual oil recovery of 33 % OOIP with

maximum clean oil and minimal emulsion.
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1.11 Techno-economic Feasibility, Challenges, and Screening Criteria of

ASAG flooding

Previous studies have established the potential of combined chemical-gas flooding
for EOR and confirmed that the process can lead to higher residual oil recovery compared
to the individual processes [122, 126-128]. However, the successful planning of the EOR
project requires careful consideration of all aspects involved in the process, with the most
important one being the economics of the project. The economic evaluation of the project
encompasses the operating expenses, price of injection fluids, capital expenditures,
cumulative oil production, and other related financial matters. The economic feasibility of
an EOR process is sensitive to the crude oil price, project lifetime, discount rate, and tax
policy. The techno-economical advantage of ASAG flooding arises due to the alternate
injection of chemicals and gas/CO; in short slugs into the reservoir instead of only gas
flooding or chemical flooding. For an EOR process like ASAG flooding, the financial
feasibility of application in a particular reservoir for enhancing oil recovery will depend
greatly on the availability, transportation, injection, and separation costs of CO, gas.
Furthermore, the proper selection of chemical slug that reduces the retention and increases
the efficiency of the injected chemicals can undoubtedly better the techno-economical
aspect of the ASAG process. The economics of the process can also be improved through
accurate screening of candidate reservoirs and sound reservoir management. High oil
prices, short project life-time, low CO, cost, low tax policy, and extra incentives can
significantly increase the net income and encourage enterprises to employ ASAG flooding
projects. Along with EOR, the ASAG flooding has the added benefit of carbon dioxide
sequestration in the underground oil reservoirs reducing the greenhouse gas effect.
However, for utilizing the anthropogenic CO; to increase oil recovery more advanced

technologies are required for CO, capture and transportation to the oil fields.
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Although there are many advantages associated with ASAG flooding, the process
still has some major concerns. Due to the presence of both CO, and water containing
chemicals in the injection side carbonic acid forms creating an acidic environment that
may corrode pipelines, tubing, and other surface or sub-surface equipment. The remedial
measures include the use of corrosion inhibitors, protective coatings, high-quality
materials, and adequate corrosion monitoring. Another serious concern that may arise
during ASAG flooding is the likelihood of hydrate formation and asphaltene precipitation
that leads to possible deposition and consequently production delays. Hydrate formation
may occur in the well when the near well temperature drops causing blockage of the
injection well. In order to control hydrate formation, chemicals like alcohols (methanol,
ethanol, and glycol) and salts are injected into the fluid stream [129]. However, alcohols
are expensive and pollute the effluents making their recovery difficult. The deposition of
asphaltene, on the other hand, causes formation damage and prevents the flow of injected
fluids into the zones containing residual oil. Asphaltene problem can be solved by solvent
washes and treatment with dispersant agents. Of these methods, the use of aromatic
solvents is the most effective but is a costly method [130]. Application of ASAG flooding
also produces a significant amount of water that may contain a large number of salts,
chemicals, and toxic heavy metals. The oilfield produced water should be properly
disposed of by injecting back into the underground formation to prevent contamination of
drinking water source, agriculture and the environment. Apart from these major issues,
some other operational challenges of ASAG flooding are premature breakthrough, tubular
failures, gas transportation and storage problems, downhole pump malfunctioning, high
cost of chemicals, foam propagation issues, and sudden drop in oil price.

Screening criteria of different EOR methods are reported in the literature by various

authors [131-134]. Screening criteria are used in many field applications, laboratory and
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simulation studies to choose the best and most feasible EOR method for any candidate
reservoir before implementation of any EOR projects [135]. Aladasani [136] updated the
EOR criteria published by Taber et al. [131] including new EOR categories considering
projects reported between 1998 to 2010. Immiscible CO, flooding, WAG, hydrocarbon-
WAG, surfactant-polymer/alkali were among the newly added EOR categories. Manrique
et al. [137] suggested screening criteria for WAG projects on the basis of rock and fluid
properties. They proposed the best candidates for WAG injection should have oil viscosity
less than 2 cP, oil API° gravity 30-45, viscosity ratio 1-30, net formation thickness less
than 100, and average permeability less than 100. Reservoir depth, temperature and
formation type were not considered to be critical for WAG flooding. Sheng [138] proposed
screening criteria for AS flooding based on the criteria for both alkaline flooding and
surfactant flooding. Typically, the minimum acid number for the crude to be effective for
alkaline and AS flooding is 0.3 mg KOH/gm of oil [139]. Moreover surfactant systems are
sensitive to high temperatures, so to prevent degradation of surfactants reservoir
temperatures requires to be typically less than 200 °F [140]. But, in CO, flooding
possibility of viscous fingering of the injected gas increases with increases of oil viscosity
and consequently CO; flooding has been applied mainly in reservoirs having oil viscosity
less than or equal to 3 [141]. As ASAG technique is a combination of immiscible CO,-
WAG and chemical (alkali-surfactant) methods, the suggested screening criteria should
suit both AS flooding, CO, flooding, and WAG injection. However, the synergetic effect

should also be contemplated in the suggested criteria of ASAG flooding.

1.12 Importance and Objectives of the Research

Despite its potential as a viable EOR process, the immiscible ASAG flooding has
not been extensively studied and only a few investigations have been reported in the

literature. So far, ASAG flooding was studied using Berea/Bentheimer cores and sand

35
TH-2437_126107015



Chapter 1 Introduction and Literature Review

packs. The oil recovery potential of immiscible ASAG flooding using real reservoir cores
under reservoir conditions has not been reported so far. Thus, a systematic study needs to
be conducted to evaluate the performance of ASAG flooding under reservoir conditions to
simulate the real field situation. This would facilitate achieving results and conclusions
which are more realistic and more field-like. Further, designing the ASAG process requires
studying the key parameters affecting the oil recovery process and fine-tuning them for
optimal performance. Studying the effects of these operating variables on the performance
of ASAG flooding is essential for the rational design of the EOR process. A critical review
of the literature suggests that the key operational parameters influencing the performance
of ASAG flooding are not available and require investigation.

The desired utilization of the ASAG flooding for improving oil recovery from an
oil reservoir requires the usage of the appropriate chemical formulations. For the consistent
performance of these formulations, two primary requirements are to be met: lowering the
oil-water IFT to ultra-low value and ensuring good mobility control through proper
foaming in the reservoir rock. Thus, a systematic approach for formulating the optimal
chemical slug for ASAG flooding needs to be followed. Moreover, designing the chemical
slug and success of ASAG flooding will also depend on the reservoir rock and fluid
properties which usually vary from reservoir to reservoir. Thus, characterizing the
reservoir rock and the fluids is an essential prerequisite before embarking on the EOR
process.

Based on the existing gaps in the literature, the present research work was
undertaken with the following objectives to be fulfilled:

o Characterization of the reservoir rock and fluids:

i.  Routine core analysis of core plugs.
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ii.  Characterization of the reservoir rock to evaluate its mineralogy and clay
content.

iii.  Determination of physico-chemical properties of the crude oil for suitability
of chemical and gas flooding.

iv.  Evaluating the physico-chemical properties of the formation water and
preparation of synthetic formation brine (SFB).

o Formulating the optimum chemical slug: This objective refers to the screening of
chemicals for the design of optimum chemical formulations for ASAG flooding
based foam stability, phase behavior study, IFT measurements, and adsorption
study.

o Evaluating the potential of ASAG flooding for EOR through lab-scale core
flooding experiments and comparative assessment with other related EOR
techniques.

o Investigating the effects of key operational parameters on the performance of
ASAG flooding. Thereby, the emphasis will be towards identifying the most
suitable operating parameters in order to optimize the ASAG flooding for

improving the process efficiency.

1.13 Organization of the Thesis

The contents of the thesis are organized in seven chapters.
Chapter 1 presents a brief introduction to CO, flooding for EOR along with its associated

problems. It also describes the CO,-WAG injection and ASAG injection processes. In
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addition, this chapter reports the literature review of ASAG flooding and highlights the

importance of the present work.

Chapter 2 elaborates upon the materials used, the experimental setup, and the procedures

employed in the present study.

Chapter 3 describes the determination of the petrophysical properties and the
characterization of reservoir rocks. The analysis of the physic-chemical properties of the

crude oil and formation water are also addressed.

Chapter 4 presents the design of optimum chemical formulations for ASAG flooding

through foam stability tests, IFT measurements, phase behavior tests, and adsorption tests.

Chapter 5 highlights the potential of ASAG flooding for EOR through lab-scale core
flooding experiments. The other EOR techniques like tertiary CGl, CO,-WAG, SAG, and

AS flooding are also discussed for comparative assessment purpose.

Chapter 6 elaborates on the effect of key operating parameters on the performance of
ASAG flooding. Also, the application of brine salinity change and preflushing during

ASAG flooding are presented.

Chapter 7 briefly summarizes the important findings and conclusions drawn from the

work followed by the scope of future research.
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Chapter 2

Materials and Methods

This chapter consists of two sections. The first section presents the details of the
chemicals, crude oil, reservoir rocks and formation water used to perform the
experiments. The second section summarizes the details of the experimental setup and

the procedures adopted for performing the experiments related to the study.

2.1 Materials

The oil field chosen for this study is one of the main crude oil producers of
Upper Assam Basin in India, covering an area of about 25 sq km. The oilfield was
discovered in the late 1960s and commercial production started from the mid-1970s.
The oil-producing zones have been identified as Tipam Sand, Barail Coal Sand, and
Barail Main Sand. The Tipam sand is sub-divided into six zones from where the
majority of oil production takes place. The sediments are mainly sandstone together
with clays and shales. The driving mechanism of the oilfield is mostly depletion drive
and the reservoirs were developed through water injection. The reservoir selected for
the study is the most salient and extensive one in the oilfield. The reservoir pressure
initially was around 3400 psia at a depth of around 3000 meters and the formation
temperature is about 70 °C. However, the present pressure has declined to
approximately 1800 psia and is lower than the saturation pressure (2500 psia) of the
crude oil.
Oil samples

The crude oil collected from the oilfield was chosen for the study to mimic the

reservoir conditions and obtain representative results. The crude oil was separated from
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water using separating funnel at a temperature of 35 °C and centrifuged before carrying
out the detailed analysis.
Core samples

Core plugs (3.75 cm diameter and approximately 7 cm length), used for core
analysis and core flooding, were cut parallel to bedding plane from conventional core
obtained from different depths of the oilfield ranging from (2480-2486), (2925-2943)
and (3940 — 3947) m. Prior to core analysis, the core plugs were completely cleaned of
impurities followed by drying.
Formation water

Formation water of the same oilfield was also collected and thoroughly
analyzed. Synthetic formation brine (SFB) was prepared based on the compositional
analysis of the formation water.
Surfactants

As the reservoir rocks were sandstones, anionic and non-ionic categories of
surfactants were selected for this study. The surfactants used are shown in Table 2.1.
The surfactants SDS, AOS, SDBS and TX-100 were of industrial purity and used
without any further treatment. Black liquor (BL) is an anionic water-soluble surfactant
whose main constituent is sodium lignosulfonate and effluent of a paper mill of Assam,
India. The detailed composition of BL is described in a previous study [142]. BL is
used as a secondary (preflushing) surfactant in this study.
Alkali

The alkalis considered for preparing chemical slug along with the surfactants in
this work were sodium carbonate, sodium hydroxide, and borax. The details of the

alkalis are shown in Table 2.2:
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Table 2. 1: Surfactants considered in the present study

NS:)' Name Abbreviation Chemical formula Type Procured/ brought
1. ) SDS NaCi2H25S0, Anionic Merck (India)
Sodium dodecyl sulphate
2. (C14 — Cy6) Alfa olefin sulphonate AOS R-CH=CH-(CH2)n-SO3;Na Anionic Aman Enterprises, India
3. Sodium dodecyl benzene sulfonate SDBS C1gH29NaO3S Anionic Sisco Research Laboratories
Pvt. Ltd., India

4. Black liquor BL C20H24Na;0105, Anionic A paper Tr:(ljli;n Assam,
Sisco Research Laboratories

5. Triton X-100 TX-100 Ci16H2602 Non-ionic

Pvt. Ltd., India

TH-2437_126107015
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Table 2. 2: Alkalis considered in the present study

NS(I)' Name Chemical formula  Purity (%) Procured
1. Sodium carbonate Na,COs 99
Merck (India) &
2. Sodium hydroxide 97
Renkem
3. Borax Na,B40710H,0 99

Other materials

To perform the characterization of samples and other studies various analytical

grade chemicals were used which are listed in Table 2.3.

Table 2. 3: Other chemicals considered in the present study

S| Chemical Purity Procured /

No. Name Formulfal/ . (%) Make & Model
Abbreviation

1. Sodium bicarbonate NaHCO; 99

2. Sodium hydroxide NaOH 99.5

3. Calcium chloride CacCl, 98

4.  Magnesium chloride MgCl, 98

5. Sodium chloride NaCl 99

6.  Potassium bromide KBr 99.5  Merck Specialities

7.  Toluene CsHsCHs3 99.5  Pvt Ltd., India

8.  Xylene CeH4.2CH5 99.5

9.  Methanol CH3OH 99

10. Ethyl alcohol C,HsOH 99

11. n-Heptane C/H1s 99

12. Potassium hydroxide pellets KOH 99

13. Ethylenediaminetetraacetic acid EDTA 99

14.  Phenolphthalein C20H1404 99

15.  Silica gel Si 99

16. Methyl ethyl ketone C,HsCOCHj; 99.5
42
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2.2 Experimental Procedures

2.2.1 Core Plug Preparation

The core plugs were cut from the conventional cores with the help of the Core
Cutting machine and the Core Plugging machine. Thereafter, they were end faced using the
End Facing machine to obtain core plugs that were exactly uniform right angle cylinders.
The core plugs were required to be thoroughly cleaned of all interstitial fluids and dried
before the determination of their petrophysical properties.

The cleaning of the core plugs was done in the Soxhlet apparatus for about 40
working hours. The solvents used to dissolve and extract oil/brine from the core plugs were
a mixture of 50% CH3;OH + 50% CgH,4 .2CH3. The sample’s cleanliness was determined
from the color of the solvent that siphoned intermittently from the extractor. After cleaning
in the Soxhlet apparatus, the core plugs were again cleaned in ultrasonic cleaner for 10
min, by submerging the samples in acetone solution. The core plugs are then dried at 60 °C
to remove any moisture present in the pore spaces. Drying times varied for core plugs but
usually took from 30 to 50 working hours. The plugs were weighed after a definite interval
of time (every 4 hours ) till a constant weight was achieved, indicating that the plugs were

completely dried.

2.2.2 Determination of Porosity

The bulk volume (BV), grain volume (GV), and pore volume (PV) determination
are prerequisites for the laboratory determination of porosity. The BV can be measured
with the help of calipers or the Archimedes (buoyancy) principle. The pore volume can be
measured by the liquid saturation method or Boyle’s Law single-cell method. The grain
volume can be measured from the dry weight of core plugs and sand-grain density, or by
the Boyle’s Law Double-Cell Method [143]. In this study, the BV of the core plugs was

measured with the help of calipers and GV was determined with a Helium Porosimeter
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(Make: Coretest Systems, Inc, USA; model: TPI-219) which is based on the Boyle’s law
double cell method. In this system, gas was allowed to flow into the reference cell of
known volume (V) at a predetermined reference pressure (100 to 200 psig). The reference
cell gas was then admitted into a connected chamber of known volume containing the core

plug. The GV was calculated applying by Boyle’s law using the following equation:

V,2V, -V, (i-lJ 2.1)

2
where Vy= GV of the core plug,
V. = Sample chamber volume
V= Reference chamber volume

P1 = Initial reference volume pressure

P, = Final lower equilibrium pressure
2.2.3 Determination of Permeability

Permeability is measured, using Darcy’s equation, by passing a fluid of known
viscosity through a core plug while measuring the flow rate and the pressure drop across

the core plug. Darcy’s equation can be expressed as [18]:

k=drL (2.2)
A AP

where K = permeability of the rock (Darcy)
q= Volumetric flow rate (cm*/sec)
A = Total cross-sectional of the core sample (cm?)
L = Length of core sample (cm)
u = Fluid viscosity (cP)

AP = P; — P, = Pressure differential across core (atm).
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The permeability measured at 100% saturation of a single-phase (liquid) is called
the absolute permeability of the rock. Frequently dry gas is used in permeability
determination, because its small molecules rapidly penetrate the microscopic pores, has
minimum fluid-rock reaction, has high diffusivity and is convenient. However, the
measurement of the permeability is mainly done in the low (laminar/viscous) flow rate
region, where the pressure is proportional to the flow rate [18]. Applying the ideal gas law
and Darcy’s law, the gas flow equation can be expressed as:

2000 y, LP,q,

N GER (2.3)

where Ky = Gas permeability (mD)
g = Gas viscosity (cp)
Py, = Base pressure (atm)
P1 = Inlet pressure (atm)
P, = Outlet pressure (atm)
0sc = Gas flow rate at standard conditions (cm®/sec).

The permeability measured by flowing gas is observed to be greater than the
permeability obtained by flowing a liquid. Klinkenberg [144] postulated that the higher
value was because of the greater flow rate of gas at a given AP and gas slippage at the sand
grain surface. It was observed that for a given core plug the mean pressure (Pm) could be
used to calculate the permeability.

P+ P
p=-1_2 2.4
n =" (24)
If measured permeability is plotted versus 1/Py, and extrapolated to the point where 1/Pp, =
0 (Pm = infinity), the corresponding permeability would be approximately equal to the

liquid permeability. In this work, liquid and gas permeabilities of core plugs were

measured experimentally and the results were correlated. The liquid permeabilities were
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measured with the Liquid Permeameter (Make: Vinci Technologies, France; Model:
LiquidPerm) and the gas permeabilities with Gas Permeameter (Make: Coretest Systems,
Inc., USA, Model: TKA-209). The measured gas permeability values were used to

determine the liquid permeability applying the Klinkenberg principle.

2.2.4 XRD and FESEM Study

X-ray diffraction (XRD): Powder X-ray diffraction of the rock sample was
conducted in a Bucker X-ray D8 advance diffractometer. Clean core samples were
grounded to fine powder and X-ray diffractogram were collected for a range of Bragg
angle 20 (7° to 90°) with 0.03 step size and 1°/min scanning speed. Zeiss Sigma Field
Emission Scanning Electron Microscope (FESEM) was used identification of clay minerals
in rock sample. The sample was prepared by gently breaking the core plug. The sample
was then attached to a specimen plug and coated with gold to obtain a clear image of the
rock sample. The FESEM images were obtained and compared with standard images to

identify clay minerals.

2.2.5 Characterization of Crude Oil

The laboratory analysis of crude oil is necessary for characterizing a particular
reservoir fluid sample and also to make a preliminary assessment of the effectiveness of
EOR schemes. In this study, the crude oil was analyzed for API gravity, viscosity,
asphaltene-resin content, wax content, pour point, and acid number.

Density is the mass of liquid per unit volume, while specific gravity is the ratio of
the mass of a given volume of liquid at 15.5°C to the mass of an equal volume of pure
water at the same temperature. The ASTM D1298-67 [IP 150/68] hydrometer method was
followed for the determination of the density of crude oil samples. The hydrometer is made
of glass, graduated in units of density. The API gravity was calculated from the specific

gravity by using the following equation:
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. 141.5
API° gravity = -1315
Jraviy Sp.gr. at15.6°C/15.6°C (2:9)

The dead oil viscosity of the oil samples was measured following the ASTM D445-
65 method using U-tube reverse flow viscometer (type: BS/IP/RF). The selected
viscometer was charged with crude oil and allowed to remain in the bath long enough to
reach the test temperature. Suction pressure was used to adjust the head level of the oil
sample to the first timing mark of the capillary arm of the viscometer. Allowing the sample
to flow freely, the time (in sec) required for the meniscus to pass from the first timing mark
to the second was recorded. The kinematic viscosity was calculated as follows:

Kinematic viscosity (cSt) = Ct (2.6)
where C = Calibration constant of the viscometer (cSt/sec),

t = Flow time (sec).

From the kinematic viscosity, the dynamic viscosity was calculated as follows:
Dynamic viscosity (cP) = py 2.7)
where p = Density at the same temperature as kinematic viscosity,

v = Kinematic viscosity (cSt).

The experiments were repeated for three times and the average values are considered.

As per standard test method IP 15/67, the pour point is the lowest temperature,
expressed as a multiple of 3, at which crude oil is observed to flow when cooled and
examined under prescribed conditions. The oil sample was poured into a cylindrical test jar
(25 mm OD and 60 mm in height). The oil was initially slightly heated in a hot water bath
to ensure it flowed into test jar. The temperature of the cooling bath was maintained at 0 to
2 °C. The specimen was first examined at 30 °C. The test jar was tilted just enough to
ascertain if there was movement of the specimen. If movement was noticed, the test jar

was replaced in the jacket and the test repeated again at 3°C lower. This was continued
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until the point when the specimen showed no movement when the test jar was held in a
horizontal position for 5 sec. The reading observed in the test thermometer was recorded.
As per the method, 3 °C was to be added to the temperature recorded, which gives the pour
point of the crude oil [145].

The asphaltene content of oil samples was measured by asphaltene precipitation
with n-heptane (ASTM D2007-80) as reported by Bon [146]. 5 gm of the crude oil was
mixed with 150 ml of n-heptane. The mixture was agitated with a stirrer for 1 hour and
filtered through preweighted 125 mm No.42 Whatmann filter paper. The filtrate was used
for the determination of resin content. The filter paper with solids was dried in an oven at a
temperature of 60 °C until a constant weight was obtained. The solids from the filter were
re-dissolved with toluene and filtered again through a new filter paper. The filter paper
with solids was again dried in the oven at a temperature of 60 °C until constant weight
obtained. From the measured change in weight of the filter paper, asphaltene content of the
crude oil was determined accordingly. To estimate the resin content, the filtrate was mixed
with 200 g of silica gel and the mixture was continuously stirred with heating for 1 hour so
that the resins were adsorbed to the silica gel. After cooling for one overnight, the liquid
portion was filtered. The silica gel was placed in the thimble of the soxhlet apparatus and
extracted with toluene: methanol (90:10) solvent until the silica gel becomes free from
resin. The solvent was evaporated in the water bath followed by drying in the oven, and
eventually, the weight of the resin was determined [147].

The filtrate after removing asphaltene and resin was concentrated to about 50 ml on
the water bath. The concentrate was mixed with 200 ml of methyl ethyl ketone (MEK) and
cooled in a deep freezer. The mixture was kept overnight in the freezer to allow for
possible wax precipitation. Finally, the mixture was filtered with Whatmann filter paper

(size 42), dried in ambient temperature and weighted to determine the wax content [148].
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To measure the acid number of crude oil, 1 ml of the phenolphthalein solution was
added to 50 ml of C;HsOH in a conical flask and the mixture was heated to 40-50 °C. The
mixture was neutralized with standard 0.1 N KOH solution. The neutralized alcohol was
added to 10 gm of crude oil in a 250 ml conical flask and the mixture was heated to boiling
for 5 min with agitation. Further 1 ml of phenolphthalein solution was added to the mixture
and cooled to 45 °C. Finally, the solution was titrated quickly with the KOH solution. The

acid number of the oil was calculated using the formula [145]:

NV
AN =56.1 — 2.8
W (28)
where, AN = Acid number in mg KOH/g of sample

V = Volume of KOH solution in ml
N = Normality of the KOH solution
W = Weight of the sample in gm.
The crude oil was also analyzed with FTIR spectrophotometer to determine the
functional groups present mainly the existence of carboxylic acids. For the analysis,
analytical grade potassium bromide (KBr) pellets were prepared and a small drop of the

crude oil was added to the prepared KBr disc.

2.2.6 Characterization of Formation Water

The pH and total dissolved solids (TDS) values of the formation water were
measured with Water Analyser (Make: Systronics; Model: 371). The density was measured
with a pycnometer and viscosity using U-tube viscometer. The positive ionic compositions
like Na*, Ca™ and K" were measured with Flame Photometer (Make: Systronics, Model:
128), whereas Mg"" was measured by titration with EDTA. For the negative ionic
compositions like CI" and HCOg/, titrations were performed with AgNO; solution and HCI

acid respectively.
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2.2.7 Evaluation of Foam Stability

Foamability and foam stability are two important properties of foam that influence
its generation and propagation through the reservoir rocks during foam-based EOR
applications. Foamability is defined as the capability of the surfactants to form foam, and
foam stability is described by the changes in foam volume with respect to time, following
foam generation [149]. In foam stability tests, surfactants were tested for their ability to
form stable foam and to provide suitable concentration for preparation of formulation. In
this work, the foam stability of different surfactants was studied to screen them and to
select optimum surfactant concentrations. These optimal surfactant solutions displaying the
best foaming behavior are expected to provide better mobility control during the core
flooding experiments.

The foam stability tests were initially performed based on the standard shaking
method [150] to determine the ability of surfactants to form strong/stable foam. A fixed
amount (5 ml) of aqueous solution of surfactant was taken in test tubes and shaken in a
rotary mixer (for 6 hours at a constant speed of 50 rpm) which resulted in the formation of
foam above the liquid column. The foam volume was recorded by visual observation at a
regular interval of time as the foam decayed at room temperature. The time taken for the
foam to decay to half of the initial value was particularly noted with care. This time is
taken as the half-decay time (ty;) which signifies foam stability. A stronger foam
formation and consequently better surfactant performance are indicated by a longer half-
decay time [151]. For the tests involving the presence of crude oil, 0.5 ml of crude oil (at
10 vol%) was added to the top of the 5 ml surfactant solution before the test tubes were

shaken for foam generation. Particular care was taken to ensure that experimental
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conditions were identical. All the experiments were performed a minimum of three times
and the average values are noted.

The foam stability tests were performed with CO, gas in a foam column test setup
(Fig. 2.1), which consisted of a visual column of toughened glass, where the 20 ml of
surfactant solution along with 2 ml of crude oil (10 vol%) was placed. The visual glass
column was housed inside a hot air oven where the temperature was set to reservoir
temperature (70 °C). The column filled with surfactant solution and crude oil was allowed
to stand inside the oven for a sufficient period of time (1 hour) so that the contents of the
column attain the set temperature. Thereafter, a constant volume of CO, gas was injected
below the surfactant solution for 5 min from a CO, cylinder connected to the column via a
mass flow controller (MFC). This resulted in the formation of foam in the glass column.
The foam volume above the liquid level with respect to time was regularly monitored and
recorded. Special care was taken to record the ty,. Selected tests were repeated to assess

the consistency of the results.

Gas regulator with heater

|

|

|

Glass Graduated |
foam column scale(ml) |
|

|

|
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Hot Air Oven Y
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€€
Mass flow Compressed CO, cylinder
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Fig. 2.1: Schematic diagram of foam column test setup [[151], modified]
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2.2.8 Interfacial Tension Measurements

A spinning drop tensiometer (Make: Grace; Model: M6500) was used to measure
the equilibrium IFT between crude oil (oleic phase) and AS solutions (aqueous phase) at
reservoir temperature (70 °C). To achieve the required oil droplet length to diameter (L/D)
ratio greater than 4, a fixed rotational speed of 6500 rpm was maintained in the
experiments. From the image captured, the oil droplet diameter was measured with the
Motic Images Plus 2.0 software. Finally, the equilibrium IFT was calculated by using
Vonnegut’s equation [152]:

2
A= Ap© r
4

(2.9)

where A=IFT, mN/m
Ap = Density difference between the oleic and aqueous phases, g/cm®
o = Angular velocity, rad/s

r = Radius of the oil drop in the sample tube, cm.

2.2.9 Phase Behavior Study

Aqueous stability tests were performed to investigate the solubility and stability of
chemicals in electrolyte solution. In this test, appropriate amounts of surfactants, alkali,
and brine are intimately mixed together without adding oil and allowed to settle for 48
hours at reservoir temperature, to observe if any deposition, separation or cloudiness
occeurs.

Microemulsions are thermodynamically stable dispersion of water and oil
containing a significant amount of both the phases and stabilized by a surfactant [153].
Based on the continuous and dispersed phases, microemulsions can be either water-in-oil
(W/O) or oil-in-water (O/W). The phase behavior of microemulsion for oil, surfactant, and
brine was first described by Winsor in 1954. Microemulsion phase behavior is a function
of salinity, temperature, nature of the oil, type of the surfactant and the cosurfactant, and
the water-oil ratio (WOR). In particular, brine salinity greatly influences the phase
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behavior of surfactant solutions [154]. As the salinity of brine is increased, three types of
microemulsions form: type | or O/W microemulsions, type Il or W/O microemulsion, and
type 111 or bicontinuous middle phase microemulsion [155]. Normally, phase behavior tests
are done to determine the optimal brine salinity of surfactant solutions that have high oil
and water solubilization ratios. Higher solubilization ratios will achieve ultra-low IFT (10
to 10° mN/m) as per Huh’s equation [156], thus leading to higher oil recovery. In this
study, solutions containing the selected concentrations of surfactant and alkali were
prepared at different SFB salinities. The solution and crude oil were then mixed in small
test tubes in the water-oil ratio of 2:1 and were agitated in rotary mixer at 50 rpm for 6
hours for proper mixing. Further, the test tubes were arranged in order of salinity in racks
and kept in the oven (at 70 °C) to equilibrate. The fluid interfaces in the test tubes were
inspected at regular intervals of 12 hours for a month to observe for Winsor type Il

microemulsions formation.

2.2.10 Adsorption Study

The surfactants injected during ASAG flooding are susceptible to be adsorbed due
to their interaction with reservoir rocks causing the loss of valuable surfactant/foaming
agent. Thus, the ability of the surfactant solutions to lower the oil-water IFT is reduced.
Additionally, the generation and propagation of foam through the reservoir rock is also
affected by surfactant adsorption. So, minimizing the surfactant loss during the ASAG
process should be considered for economic reasons. It is mainly the solution and the solid
surface properties that influence the surfactant adsorption. Both static adsorption and
dynamic adsorption studies were performed to study surfactant adsorption onto the
reservoir rock. Static adsorption test was done based on the depletion method [157]. In this
method, the change in the surfactant concentration (depletion) after contact with crushed
rock samples was measured and assumed to be adsorbed. 1 g of the rock sample (60 — 70
mesh size) was mixed with 10 ml of surfactant solution at various concentrations. The
mixtures were mixed for 8 hours in a rotary mixer followed by decantation. The samples

were then centrifuged at 5000 rpm for 30 minutes and then filtered by filter paper. The
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UV-Vis Spectrophotometer (Make: Labman; Model: LMSP — UV 1900) was used to
determine the equilibrium concentrations of the surfactant solutions. The sample
preparation of the SDS surfactant was done by the method described in the literature [66,
158]. Equal volumes of SDS solution and methylene blue reagent (250 mg methylene blue,
50 gm Na;SOq4, and 10 ml of H,SO4 per liter of distilled water) were mixed. The mixture
was extracted with ethyl acetate which resulted in the formation of two phases. The upper
liquid phase was taken and analyzed by the UV-Vis spectrophotometer after dilution. The
adsorption spectra of SDS and AOS [Figure 2.2 (a) — (b)] showed the maximum adsorption
(Amax) at wavelengths of 655 nm and 216 nm respectively. The calibration curves of
surfactants were obtained by plotting absorbance versus concentration and fitting the best
straight line through the points. The standard calibration curves of SDS and AQOS are
shown in Fig. 2.3 (a) — (b) respectively. The amount of surfactant adsorbed on the rock
sample (in mg/g) was calculated by the following relation [157]

Amount of surfactant adsorbed = (C, —CE)VE (2.10)

where C, and C. are the initial and equilibrium concentrations of surfactants (mg/l)
respectively, V is the volume of the surfactant solution (I), and m is the weight of the rock
samples (g). The adsorption isotherms were determined at a constant temperature from the
relationship between the amount of surfactant adsorbed per unit mass and the equilibrium
surfactant concentration. The dynamic adsorption of surfactant (AOS) onto the core plug
was performed in a core flooding apparatus at reservoir temperature (70 °C). Before
placing in the Hassler core holder, the core plug was saturated with SFB. Thereafter,
several pore volume (PV) of SFB was injected at constant pressure until equilibrium
conditions were achieved. This was followed by 10 PV of surfactant solution (at 0.5 wt%
concentration) injection through the core plug at a constant pressure. The injection of 10
PVs was sufficient to achieve an equilibrium state. The effluents produced from the core
plug outlet were collected in measuring cylinders for every PV, and their concentrations

were analyzed [159]. The amount of surfactant adsorbed was determined as follows [160]
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1 (Ci-Co )XV
AdSOI’ptiOﬂ (mg/g) — ZI=1( in = out)X

(2.11)

where Ci, is the concentration of surfactant injected (mg/g), Cou is the concentration of
surfactant solution coming out of the core plug at each PV (mg/g), N is the number of the
PV of surfactant solution injected, V; is the total volume of surfactant solution injected,

and W is the dry weight of the core plug (g).

2.2.11 Core Flooding Experiments

A lab-scale core flooding apparatus was used to perform the core flooding
experiments (Fig. 2.4). Core plugs were thoroughly cleaned (using the procedure described
in Section 2.2.1) and dried prior to placing in the core holder. Three hydraulic pumps were
used to displace brine, crude oil, and chemical solution. Another hydraulic pump was
connected to the Hassler core holder for supplying the confining pressure, which was
always maintained 500 — 700 psi higher than the upstream injection pressure. CO, gas was
supplied from a cylinder connected with regulator-preheater assembly and MFC. In the
downstream side of the core holder, a back pressure regulator (BPR) was used to maintain
a constant back pressure of 300 psi [122]. A hot air blower was used to heat the chamber
housing the core holder and maintain a constant reservoir temperature (70 °C). The
temperature inside the core holder was monitored using Pt100 RTD temperature sensor.
The probe end of the sensor was terminated in a connection head located on the end plug
of the core holder. To read the temperature, the RTD element was connected to the digital
temperature controller installed in the scanner where the output temperature reading was
displayed. The inlet, outlet and confining pressures of the core holder were measured by
using pressure transducer and stored automatically in a computer at regular time intervals.
The presetting of the time interval was done through the control panel of the core flooding
apparatus. Additionally, a 3-way Tee joint connecting gas cylinder, pumps and upstream

end of the core holder, facilitated the alternate injection of liquids and gas.
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Fig. 2.2: UV-Vis adsorption spectra of the surfactants: (a) SDS and (b) AOS
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Fig. 2.3: Calibration curves of the surfactants: (a) SDS and (b) AOS
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In the first step, air was removed from the core plug and flow lines by flushing CO,
for 30 minutes. Then, CO, was removed from the system by vacuuming for 6 hours. Brine
saturation was done by injecting several PVs of SFB at a constant rate to fully saturate the
core plug at room temperature (28 °C) and to achieve steady-state flow conditions. After
that, they were flooded in the core holder (as shown in figure 1) by formation brine at
various pore volumes to ensure that all pores were fully saturated with the brine.

The absolute permeability (Kas) of the core plug to SFB was calculated by
applying the standard Darcy’s equation by injecting SFB at different pressures. In the next
step, crude oil was injected at constant pressure through the brine-saturated core plug until
pressure drop (AP) was stable and no more water was produced. This indicated that
connate water saturation was reached. The irreducible water saturation (Syc) and original
oil in place (OOIP) were calculated considering the water produced and the net change in
weight of the core plug. Thereafter, the oil-saturated core plug was kept in the oven at 70
°C for 24 hours for allowing the system to equilibrate. During secondary water flooding,
SFB was injected at a constant pressure to recover the crude oil from the core plug at
reservoir temperature (70 °C). The water flooding was stopped after 4 PVs of SFB
injection when no more oil was recovered, and only water was produced. Subsequent to
secondary water flooding, the residual oil in the core plug was recovered by applying
different EOR injection schemes. During WAG injection, liquids and gas/CO, were
alternately injected in small slugs with a total fluid injection of 2 PV. The liquid was
injected at constant pressure (~ 500 psi) and the volumetric injection rate of gas was
maintained constant (0.2 ml/min) through the mass flow controller (MFC). The EOR
scheme was followed by the extended water flooding (EWF) where 4 PVs of SFB were
further injected to produce any remaining residual oil in the core plug. The produced fluids
were collected in measuring cylinders every 0.25 PV and then centrifuged for separating

the oil and the water phases.
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Chapter 3

Reservoir Rock and Fluid Analyses

This chapter consists of three sections. The first section describes the core analysis which
includes the core plug preparation along with the determination of porosity and
permeability. The reservoir rock characterization with XRD and FESEM analysis also
forms part of this section. The second section presents the analysis of the physical and
chemical properties of crude oil. The last section summarizes the physical and chemical

analysis of the formation water.

3.1 Core Analysis

Core analysis of reservoir rocks samples provides a direct and quantitative
evaluation of important reservoir properties. These properties assist in accurately
describing the reservoir rocks, total fluid contents, fluid distribution, and flow behavior.
The static and dynamic reservoir models can also be designed based on formation
evaluation done with core analysis [161]. For core analysis, a whole core is acquired from
a particular depth of the producing formation through coring operation. Coring operation
involves lowering the drilling string, with the core cutting bit at the end, to the desired
depth of the formation and retrieving the whole core inside the core barrel. A typical
conventional core is 7 — 13 cm in diameter and 900 — 1700 cm in length. The other type of
cores are the sidewall cores. They are much smaller than the conventional cores, 2.3 cm in
diameter and 5 cm in length. As it is not possible to use whole/conventional cores in the
laboratory for core analysis, short representative core plugs (2.54 — 3.81 cm in diameter)
from the large conventional cores are selected. The core plugs are cut from the

conventional cores parallel to the bedding plane, so that measurements of horizontal
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permeability may be made (Fig. 3.1). The core plugs used in this work were 3.75 cm in
diameter and 6 — 8 cm in length.

There are basically two main types of core analysis performed on core plugs.
Conventional/routine core analysis which includes measurements of petrophysical
properties of core plugs like porosity, permeability, and fluid saturation together with the
evaluation of grain density, rock texture, and lithology. Special core analyses are
conducted for measuring specific properties including capillary pressure, relative
permeability test, wettability test, electrical properties, formation damage, and recovery
factors. These special tests are also conducted to characterize reservoirs for EOR and to
study the fluid-rock interactions. Both the routine and special core analyses were
performed in this study. The routine core analysis for the measurement of porosity &
permeability of core plugs is reported in this chapter and special core analysis (core
flooding) in later chapters. Prior to core analysis, the core plugs were required to be
cleaned and dried. The detailed process of cleaning and drying requires about 80 working

hours as described in Section 2.2 and Subsection 2.2.1 .
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Fig. 3.1: Schematic representation of conventional cores and core plugs
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3.1.1 Determination of Porosity

One of the most important reservoir rock properties is porosity, which is a measure
of the space available for the storage of hydrocarbons. There are two distinct types of
porosity of reservoir rock: absolute porosity, which is the ratio of the total pore space in
the rock to that of the bulk volume; and effective porosity, which is the percentage of
interconnected pore space with respect to the bulk volume. It is the effective porosity that
is important in most reservoir engineering calculations as it represents the pore space that
are interconnected and containing the recoverable crude oil.

Pore volume _ Bulk volume - Grain volume
Bulk volume Bulk volume

Porosity, ¢ = (3.2)

The grain volume of the core plugs was measured with the Helium Porosimeter and
the porosities were calculated using Eq. (3.1). The grain volume measurements were
repeated and the average of three values was taken to calculate the porosity of each core
plug. The results of the porosity measurements are presented in Table 3.1 and the sample
calculations are summarized in Appendix A. As can be seen, the values of porosities of the
core plugs vary from 25 — 28% at a shallower depth, 19 — 21% at intermediate depths, and
11 — 13% at deeper depths. Similar values of porosity of the Upper Assam oilfield core
samples were reported earlier [162]. The porosity/depth data of the core plugs are
summarized in Table 3.2. The low porosity values were observed with core plugs obtained
from deeper depth (3940 — 3947 m), while relatively high porosity for core plugs from
depths of 2480 — 2486 m. Thus, the porosities of the core plugs were found to decrease
with the depth of the formation from where the conventional cores were collected. This is
consistent with the known fact that porosity bears an inverse correlation with depth. The
porosity-depth correlation is influenced by many factors but the most obvious reason for

this inverse relation is owing to the combined effects of compaction and cementation
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[163]. An increase in the depth of progressive burial increase the overburden pressure or
compaction resulting in the reduction of porosity. As the effective stress and temperature
increase with the burial depth, the porosity depth correlations are also dependent on
effective stress. The other factors which influence porosity profiles are subsidence history,
oil/gas saturation, and mineralogy. However, it is difficult to isolate the effect of any single
factor or process responsible for the observed relation [164].

Table 3.1: Porosity measurement of core plugs from different depths

Core Bulk Grain

Plug Depth  Diameter Length volume Weight Volume Po:)osity
o M emem o Tt @ s ()
CP1 2480 - 3.75 71.75 85.61 195.74 63.45 25.69
CP2 2486 3.75 7.02 77.54 161.15 56.16 27.57
CP3 3.75 6.81 75.02 156.11 54.65 27.15
CP4 3.75 8.11 89.58 199.34 71.28 20.44
CP5 3.75 7.43 82.07 186.28 65.52 20.14
CP6 3.75 6.90 76.22 159.61 61.03 19.96
CP7 3.75 6.95 76.77 160.27 60.81 20.76
CP8 3.75 7.50 82.85 188.82 65.91 20.49
CP9 3.75 7.61 84.06 190.36 66.37 21.04
CP10 2925 - 3.75 6.75 74.56 154.72 59.95 19.57
CP11 2943 3.75 7.55 83.40 189.83 65.50 21.46
CP12 3.75 7.00 77.32 158.54 61.81 20.09
CP13 3.75 6.89 76.11 159.34 60.44 20.52
CP14 3.75 7.48 82.63 187.86 65.76 20.39
CP15 3.75 7.53 83.18 188.65 65.41 21.35
CP16 3.75 6.97 76.99 162.32 61.04 20.73
CP17 3.75 7.60 83.95 189.69 66.09 21.27
CP18 3.75 7.58 83.73 188.16 73.49 12.23
CP19 3940 - 3.75 6.88 76.00 156.97 67.15 11.64
CP20 3947 3.75 7.50 82.85 188.56 73.36 11.45
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Table 3. 2: Porosity and permeability values of core plugs as a function of depth
Depth (m) 2480 - 2486 2925 - 2943 3940 - 3947
11-13

Porosity range (%) 25-28 19-21

Measured liquid
permeability (mD) 2121 6.32 3.25
Estimated liquid

permeability (mD) 31-39 7-10 4-7

3.1.2 Determination of Permeability

The permeability of the core plugs was determined using the procedure described
in Section 2.2.3. The liquid permeability experimental results of all the core plugs are
summarized in Table 3.3, while Table 3.4 presents the gas permeability measurement
results of three core plugs of different depths. The values of the liquid permeability of the
core plugs ranged from 3 — 30 mD, while the gas permeability varied from 16 — 47 mD.
The measured range of permeability of the core plugs classifies the Upper Assam
formation as fair to moderate permeability reservoirs [165]. The permeability measured by
flowing gas (N2) was observed to be greater than the permeability value obtained by
flowing liquid (formation brine). The observed difference between liquid and gas
permeability values of the core plugs was due to the Klinkenberg effect (discussed earlier).
The porosity and permeability of the core plugs were directly related as more porous ones
were found to be more permeable and vice-versa (Table 3.2). However, the effects of a
number of parameters like grain size, compaction, packing, and diagenetic processes
related to development influences the porosity-permeability of a particular formation
[166]. Nind [167] reported that there is no direct correlation for porosity and permeability,
however, permeability generally increases with porosity for sandstones reservoirs formed

under similar depositional environment.
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Table 3. 3: Liquid permeability measurement of core plugs

Core Diamter Length Fluid Time Ap  Area Q K Kavg
plug (cm) (cm) Collegct (sec) (atm) (cm®) (cm®sec) (mD) (mD)
ID (cm?)

CP1 1.75 10.00 204.00 135 11.05 0.05 25.50

CP2 3.75 7.02 10.00 188.00 1.14 11.05 0.05 29.61 27.21
CP3 6.81 10.00 195.00 1.19 11.05 0.05 26.53

CP4 8.11 10.00 420.00 247 11.05 0.02 7.09

CP5 7.43 10.00 480.00 2.62 11.05 0.02 5.36

CP6 6.90 10.00 489.00 199 11.05 0.02 6.40

CP7 6.95 10.00 514.00 233 11.05 0.02 5.26

CP8 7.50 10.00 476.00 2.01 11.05 0.02 7.11

CP9 7.61 10.00 415.00 2.07 11.05 0.02 8.02

CP10 3.75 6.75 10.00 585.00 2.30 11.05 0.02 454 6.32
CP11 7.55 10.00 482.00 239 11.05 0.02 5.92

CP12 7.00 10.00 465.00 2.07 11.05 0.02 6.58

CP13 6.89 10.00 497.00 227 11.05 0.02 5.52

CP14 7.48 10.00 465.00 2.23 11.05 0.02 6.53

CP15 7.53 10.00 480.00 2.33 11.05 0.02 6.08

CP16 6.97 10.00 500.00 247 11.05 0.02 5.12

CP17 7.60 10.00 385.00 2.00 11.05 0.03 8.93

CP18 7.58 10.00 600.00 3.01 11.05 0.02 3.79

CP19 3.75 6.88 10.00 650.00 3.15 11.05 0.02 3.04 325
CP20 7.50 10.00 689.00 3.38 11.05 0.01 2.91

Confining pressure: 380 psi

TH-2437_126107015

Temperature: 28 °C
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Table 3. 4: Gas permeability measurement of core plugs

Gas Permeabi

ICD:IOurS Diameter  Length Py P, Pm 1P Flow lity
ID (cm) (cm)  (atm) (atm) (atm) " Q) (K)

(cm’s)  (mD)

2.02 1.00 1.51 0.66 5.01 46.32
2.36 1.00 1.68 0.6 7.23 45.02
CP1 3.75 7.75 2.70 1.00 1.85 0.54 9.70 43.86
3.04 1.00 2.02 0.49 12.23 42.22
3.38 1.00 2.19 0.46 15.33 41.83

1.34 1.00 1.17 0.85 0.98 31.30
1.60 1.00 1.34 0.75 2.00 27.79
CP6 3.75 6.90 2.02 1.00 1.51 0.66 3.23 26.58
2.36 1.00 1.68 0.6 4.25 23.55
2.70 1.00 1.85 0.54 5.72 23.01

1.34 1.00 1.17 0.88 0.68 21.82
1.55 1.00 1.27 0.79 1.12 20.31
CP19 3.75 6.88 1.82 1.00 1.41 0.71 1.67 18.35
2.09 1.00 1.54 0.65 2.40 18.08
2.36 1.00 1.68 0.6 2.88 15.92

Temperature: 28 °C Gas/N, viscosity (u): 0.02 cP

Fig. 3.2 shows the permeability to gas (N,) of three core plugs of different depths
plotted against the inverse of the mean pressure (Pn) based on the Klinkenberg principle
[144]. The gas permeability linearly increased with an increase in 1/Py, and extrapolating
to the point where 1/Py, = 0, the liquid permeability was estimated. From Table 3.2, it can
be seen that the estimated liquid permeability and measured liquid permeability to brine
are in good agreement. Although the estimated permeability was found to be slightly
greater than measured liquid permeability, this difference is much smaller compared to the

variation of the permeability values of the core plugs to liquid and gas.
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Fig. 3.2: Gas permeabilities and estimated liquid permeabilities of core plugs in the depth range: (a) 2480 — 2486 m; (b) 2925 — 2943 m;
(c) 3940 - 3947 m
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3.2 Characterization of Reservoir Rocks

The characterization of the reservoir rock was performed to evaluate its mineralogy
and clay content using XRD and FESEM respectively. XRD is known to be an important
tool to identify the mineralogical of reservoir rock [168]. Fig. 3.3(a) presents the XRD
pattern of the powdered core sample with characteristics peaks at 8.96°, 12.59°, 20.96°,
26.72°, and 28.07°. This peak information and analysis with MATCH! 3 indicated the
presence of silica (quartz) as the dominant mineral. The large and abundant quartz peaks in
the XRD diffractogram support the observation. The occurrence of other minerals like
feldspar and clays (kaolinite and illite) is also indicated by the XRD spectra. Since silica
carries a negative charge at normal formation water pH [169], the reservoir rock was found
to be of anionic nature.

FESEM study of the rock samples was conducted for the identification of clay
minerals. FESEM micrograph of the rock sample is shown in Fig. 3.3 (b). Based on the
analysis of the image using established literature [170], the presence of smectite group of
clays was indicated as a thin, webby crust in the matrix of the core sample. The minerals
normally present in sandstone reservoirs are quartz, feldspar and clay minerals. The
common types of clay minerals present are montmorillonite, smectite, illite, chlorite, and
kaolinite, depending upon the depositional environment [171, 172]. The presence of these
clay minerals makes the surfactants injected for the purpose of EOR susceptible to be

adsorbed onto the reservoir rocks [173].
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Fig. 3.3: (a) XRD patterns, and (b) FESEM micrographs of rock samples showing the

presence of quartz and clay minerals
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3.3 Characterization of Crude Oil

The important physicochemical properties of crude oil affecting the process of
recovery include API gravity, viscosity, pour point, resin-asphaltene content, and acid
number. The knowledge of these properties is essential before embarking on any EOR
process and for selecting the most appropriate method based on the crude oil properties.

The results of the crude oil analyses are discussed below and summarized in Table 3.5.

3.3.1 API Gravity
In the oil industry, it is customary to express the density of crude oil in °API. With
water having an API gravity of 10, the liquids lighter than water have API gravity greater
than 10. On this scale, gasoline has a gravity of 60 °API, while crude oils may have a
typical value of around 35 °API [174]. The density of crude oil measured with hydrometers
was found to be 863 + 3 kg/m® at an room temperature of 28 °C. The corresponding density
value at 15.56 °C or 60 °F was 871 kg/cm?® after applying the necessary correction factor
(of 0.9908) obtained from Table 53A of the Petroleum Measurements Tables [175]. The
API gravity of the crude calculated using Eq. 2.5 was obtained as 31°API. Crude oils are
generally classified based on its measured API gravity as light, medium, or heavy [176]:
(@) Light crude oils : >31.1 °API
(b) Medium crude oils: 22.3 - 31.1 °API
(c) Heavy crude oils: <22.3 °API
As per this classification, the crude oil of the Upper Assam oilfield used in this
study falls under the category of medium oil. CO, flooding being the leading EOR
technique for light and medium oil reservoirs, this preliminary information suggested that

the crude oil under study was suitable for CO,-EOR application.
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3.3.2 Dead Oil Viscosity

Viscosity is an important physical property of crude oil that controls the rate of
flow and recovery of crude oil from reservoirs. Crude oil viscosity is a strong function of
the temperature, pressure, oil gravity and gas solubility. An increase in temperature causes
a decrease in crude oil viscosity, while an increase in pressure increases oil viscosity,
provided the only effect of pressure is to compress the liquid. Additionally, a decrease in
the solution gas also increases crude oil viscosity. The viscosity of crude oils based on
pressure can be classified as [18]:

(a) Dead-oil viscosity, which is the viscosity of crude oil at atmospheric pressure
with no gas in solution and at system temperature.

(b) Saturated-oil viscosity, which is the viscosity of the crude oil at saturation
pressure and reservoir temperature.

(c) Undersaturated-oil viscosity, represents the viscosity of the crude oil at pressure
more the bubble-point and reservoir temperature.

Fig. 3.4 shows the plot of the dynamic viscosity of the crude oil sample as a
function of temperature. The experimental results of viscosity measurements are presented
in Appendix B. As expected the dynamic viscosity decreased with the increase of
temperature from a value of 10.21 + 0.3 cP at room temperature (28 °C) to 4.46 + 0.5 cP at
reservoir temperature (70 °C). This value of the crude oil viscosity less than 100 cp
classified the crude oil as light to medium [177]. Based on the screening criteria given in
the literature [132, 138], the viscosity value of the crude oil indicates its suitability for

alkaline-surfactant (AS) and CO; flooding.
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Fig. 3.4: Crude oil viscosity as a function of temperature

3.3.3 Pour Point

The pour point of crude oil is the temperature at which it becomes semi-solid and
ceases to flow. For the crude oil used in the study, the pour point was found to be 24+ 3 °C
and consequently a high pour point crude. This was based on the rule of thumb that high-
pour-point crude oils generally have pour points in the range of 15 to 52 °C, and may be
solid at room temperature. It has been observed that high pour point is generally associated
with crude oils with high paraffin content and lower pour point with crudes of more
aromatic nature [178]. Assam crude oil, in general, has been reported to have higher pour

points (30 °C) and higher wax content (11 wt %) [179].

3.34 Resin, Asphaltene, and Wax Content

The asphaltene content of the crude oil was found to be 1.4 £ 0.2 wt% and resin
content 16.73 + 0.5 wt%. The R/A ratio for the crude oil was found to be greater than 3, so
based on the Leontaritis criterion [49], there are enough amounts of resins for asphaltene

stabilization. So, the possibility of asphaltene precipitation from the crude oil during CO,
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flooding is less. The wax content of the crude oil was fairly high at 12.47 + 0.70%. A
similar observation on the wax content of Assam crude oil was made by Kandwal et al.
[179]. The experimental results of resin, asphaltene and wax content determination are

presented in Appendix B.

3.3.5 Acid Number

Acid number is a measure of the amount of acidic components present in crude oil.
It is expressed as the milligrams of KOH that is required to neutralize 1 gm of oil sample.
For a reservoir to be a good candidate for alkaline flooding, the acid number of crude oil
should be at least 0.5 mg/g. Crude oils with an acid number greater than 0.5 mg KOH/g of
crude oil are known as acidic crudes [180]. The acid number of the present crude oil was
estimated as 1.2 £ 0.2 mg KOHY/g of crude oil. Thus, the crude oil considered in this study
is acidic and suitable for alkaline flooding.

FTIR spectra of the crude oil was recorded between 400 and 4000 cm™ to study the
presence of major functional groups present. The dominant spectra of crude oils normally
include the absorption bands of aliphatic C-H bonds along with other additional bands of
groups containing oxygen, aromatics, nitrogen, and sulfur. The FTIR spectrum of the crude
oil is shown in Fig. 3.5. The peak at 2932 cm™ indicated the presence of single bond
alkanes, while the peaks at 1724 cm™, 1603 cm™, 1454 cm™, and 1377 cm™ account for
carboxylic acids, aromatics, -CH, and -CHj3 functional groups respectively. Other peak at
745 cm™ indicates the existence of long-chain alkyl groups [181, 182]. Thus the presence
of acidic groups in the crude oil was identified by the FTIR analysis and support the acid

number measurement.
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Fig. 3.5: FTIR spectra of crude oil sample

Table 3. 5: Physical and chemical properties of crude oil

NSL' Properties Value Remarks
H 3 0
1 Density (kg/m®) at 15.6 "C 871 Medium gravity ol
2 API gravity (CAPI) 31
Dynamic viscosity (cP)
3 (at reservoir temperature, 446 £0.5 Decreases with temperature
70 °C)
4 Pour point (°C) 2443 Pour p_omt was r_ngh indicating
high paraffin content
5 Asphaltene content (wt%) 1.4+ 0.2 High R/A indicating
6 Resin content (wt%) 16.73+£0.5 asphaltene stabilization
7 Wax content (wt%) 12.47 £ 0.70 Waxy crude
Acid number -
+
8 (mg KOH/g of crude oil) 1.2+0.2 Acidic crude
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3.3 Characterization of Formation Water

The water that naturally exists along with oil and gas in the reservoir is called
reservoir/formation water. The pH value of formation water is typically between 4 and 9.
The pH value below and above this range is not desirable because of the tendency of
corrosion and scaling respectively [183]. Formation water almost invariably contains
dissolved salts and the chemical analyses have indicated a wide variation in the type and
amount of the dissolved ions. The commonly present cations and anions are Na*, K*, Ca",
Mg™, Ba™", CI', SO,~, HCOs', and CO3™ [184]. The total salinity of formation water can be
calculated by summing up the cationic and anionic concentrations [183]. Table 3.6 lists the
physical and chemical properties of the formation water considered in the study. The
sample calculations of the titration methods for CI* ion, Mg"" ion, and alkalinity
determination of formation water are presented in Appendix C, D, and E respectively. The
presence of divalent ions (Ca™ and Mg*™) in the formation water was observed although in
small amounts. The total salinity of the water sample was 3458 mg/L. Synthetic formation
brine (SFB) at this salinity was prepared to mimic the formation water and used for the
preparation of solution. The SFB was diluted with distilled water to varying degrees to

obtain SFB of different salinities for phase behavior studies and core flooding experiments.
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Table 3. 6: Physical and chemical properties of formation water

Property Measured value
Density, kg/m® (at 28 °C) 1012
Viscosity, cP (at 28 °C) 0.93
pH (at 28 °C) 8.23
Total dissolved solids (ppm) 3516

Major components (ppm)

Sodium (Na*) 1555
Calcium (Ca™) 82
Potassium (K") 12
Magnesium (Mg™™) 17
Chloride (CI") 724
Bicarbonate (HCO3) 1068
Salinity (mg/L) 3458

3.4 Summary

The analyses of crude oil, core samples and formation water of the Upper Assam
oilfield were presented in this chapter. The routine core analysis was done for the
measurement of porosity and permeability of core samples. The porosities of the core plugs
ranged from 11- 28% and were found to bear an inverse correlation with the depth of the
formation. The values of the liquid and gas permeability of the core plugs ranged from 3 —
30 mD and 16 — 47 mD respectively, which classifies the oilfield formation as fair to
moderate permeability reservoirs. Further, the XRD and FESEM analysis of rock samples
indicated the presence of silica (quartz) as the dominanat mineral, along with the presence
of clays minerals.
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The experimental investigation of the crude oil confirmed that the crude oil was
medium gravity (API gravity 31°), with dead oil viscosity of 4.46 cP (at 70 °C). The pour
point of the crude oil was high (24 = 3 °C) which indicated the paraffinic nature of the
crude oil. The wax content was also fairly high at 12.47 + 0.70 %. The resin to asphaltene
ratio of the crude oil was high enough for asphaltene stabilization. The analyses also
marked the crude as acidic and suitable for alkaline flooding. The formation water analysis
showed the presence of different types of dissolved cations and anions with total salinity of

3458 ppm.
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Chapter 4

Optimum Formulation of Chemical Slug for ASAG Flooding

This chapter presents the screening of chemicals for the design of optimum chemical
formulations for ASAG flooding. The first section focuses on the foam stability study
conducted to screen different types and concentrations of surfactants with optimized
foaming behavior. In the second section, the equilibrium IFT measurements were
performed to select suitable alkalis and their optimum concentrations for preparing AS
formulations are presented. The third section summarizes the results of phase behavior
study of the alkaline-surfactant (AS) formulation to identify the optimal salinity region.
Finally, the last section presents the adsorption studies where the roles played by alkali
and black liquor(BL) (as preflushing agent) in reducing surfactant adsorption are

discussed.

4.1 Chemical Slug for ASAG Flooding

The successful application of the ASAG process for improving oil recovery from
an oil reservoir requires the usage of an appropriate chemical slug. Therefore, it is
desirable to screen optimal chemical formulations that would fulfill the two basic
requirements of a chemical slug for ASAG flooding; lowering the oil-water IFT to ultra-
low value and ensuring good mobility control through proper foaming in the reservoir
rock. Experiments were performed to screen chemical slugs for ASAG flooding through
foam stability study, IFT measurements, phase behavior study, and adsorption study. Both
anionic surfactants (AOS, SDS, and BL) and non-ionic surfactants (TX-100) were

evaluated for their ability to form stable foam in the presence of crude oil. The CO,-foam
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stability of the aqueous solutions of surfactants at reservoir temperature (70 °C) in the
presence of crude oil was tested to identify the optimum concentrations of surfactants.
Three types of alkalis including Na,CO3; NaOH, and Na,B,0;10H,0 were considered in
this study to formulate the AS slug with surfactants in synthetic formation brine (SFB) as
the aqueous phase. The equilibrium oil-water IFT measurements were performed to select
suitable alkalis and their concentrations for preparing AS formulations. Phase behavior
study was conducted to confirm the optimal salinity of AS formulation. Further, static and
dynamic adsorption studies were performed to evaluate the adsorption behavior of the
surfactants onto reservoir rocks and to select appropriate concentrations of BL, used as a

secondary surfactant, for preflushing operations.

4.2. Surface Tension and Interfacial Properties of Different Surfactants

The surface tensions of the different surfactants (SDS, AOS, SDBS, and TX-100)
in synthetic formation brine were measured and plotted as function of concentration as
shown in Fig. 4.1(a). The surface tension decreased with increasing surfactant
concentration, as the surfactant molecules gets adsorbed on the liquid-gas interface, until it
reached a minimum at the CMC value [190]. The CMC is defined as the lowest
concentration at which the monomers cluster to form micelles. Beyond the CMC, the
surface tension values almost remain constant as further increase in the surfactant
concentration only increases the micelle concentration and hardly change the monomer
concentration. The lowest surface tension value was achieved by SDS (27.8 mN/m) which
is sufficiently lower than the surface tension of water (~ 66 mN/m). The CMC values of
surfactants were 0.15 wt%, 0.2 wt%, 0.25 wt%, and 0.03 wt% for SDBS, SDS, AOS, and
TX-100 respectively. The equilibrium oil-water IFT of all the surfactants were measured at
reservoir temperature (70 °C) for different surfactant concentrations and plotted as shown

in the Fig. 4.1(b). The concentration of each surfactant was varied from 0.08 to 1 wt%. The
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IFT measurements below 0.08 wt% could not be performed as the required oil droplet
shape (L/D ratio > 4) was not formed. For all the anionic surfactants, with an initial
increase in the surfactant concentration a little reduction in IFT was observed due to
increase in the adsorption capacity of the surfactant molecules at the oil-water interface.
However, with further increase in surfactant concentration negligible reduction in IFT
values were observed due to adsorption saturation. The lowest IFT values obtained were
0.31 mN/m, 0.19 mN/m, 0.34 mN/m, and 0.14 mN/m for SDBS, SDS, AQOS, and TX-100

respectively.

iy
o

70

B) —=—SDBS (b) —=— SDBS
E 40l ——SDS A —+—3DS
E —— AOS b= —a— AOS
= —~— TX-100 E —~— TX-100
c 50+ = 14
2 o
8 1. CMC 8 e
@ | =  — et
S = . . B . .
‘g 304 § 01 Yw—V v v
n < 0.
2 \CMC//' £
0.01 0.1 1 00 02 04 06 08 1.0
Surfactant concentration (Wt%) Surfactant concentration (wt%)
Fig. 4. 1: (a) Surface tension versus surfactant concentration; and (b) Oil-water interfacial
tension versus surfactant concentration
4.3 Evaluation of Foam Stability

The effectiveness of the foam-based EOR process is greatly influenced by the
ability of the foaming agents to form strong/stable foam under reservoir conditions. The
selection of these foaming agents/surfactants is normally done on the basis of their
foamability and foam stability [185]. Both these properties of foam are interrelated and, in
most cases, greater the foamability more stable are the foam films. A method commonly
used to quantify foam stability is the half-decay time [186]. Of the different factors

controlling foam stability, the anti-foaming effect of oil is considered to be the most
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crucial. Some literature reported that the presence of oil destabilizes the foam generated
and others observed that foam stability in contact with oil can be maintained by the use of
certain foaming agents [187-189]. In fact, foam stability in the presence of oil is a major

challenge for the successful implementation of foam-based EOR methods.

4.3.2 Foam Stability of Different Surfactants

Initially, foamability and foam stability of the surfactants were tested using the
standard shaking method as explained in Section 2.2.7. Fig. 4.2(a) and (b) show the
snapshots of the foam formed, immediately following its generation, by different
surfactants at 0.5 wt% concentration in the absence and presence of crude oil respectively.
The foaminess was obtained by visual measurements using the volume expansion method

[191]. The foaminess is defined as:

V. -V .
Foaminess = —em figuid (4.1)

foam
where Vioam IS the volume of foam formed immediately after shaking (in ml)

Viiquid the volume of liquid placed in the test tube (in ml).

Fig. 4.3 shows the foaminess values of different surfactants at 0.5 wt% concentration with
and without crude oil. Foaminess was found to be maximum for SDS followed by AOS,
SDBS, TX-100, and BL without and with crude oil. Xu [192] observed that the foamability
of non-ionic surfactants (TX-100) was much less compared to anionic surfactants (AQOS,
SDS) and amphoteric surfactants.

Fig. 4.4 (a) and (b) shows the changes in the foam volume as a function of time for
all the surfactants considered (at 0.5 wt%), with and without crude oil. In Fig. 4.4 (c) the
half-decay times (ti2) of the surfactants without and with crude oil are shown. Under
similar experimental conditions, it was observed that anionic surfactants (except BL) have
better foamability and longer ti», compared to the non-ionic surfactant, TX-100. SDS
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exhibited the highest foamability and also generated the most stable foam with ty, of
approximately 240 min, followed by AOS and SDBS. BL displayed the weakest foaming
behavior amongst the surfactants considered indicating its poor foaming ability. The
presence of crude oil (at 10 vol%) lowered the foamability and ty, of all the surfactants
indicating the destabilizing effect of oil. When oil droplets accumulate at the plateau
borders and lamellas, surfactant molecules are transferred from the gas-water interface to
the oil-water interface which weakens the foam film strength and decreases the Marangoni
effect leading to decrease in foam performance [189, 193]. The foam stability of TX-100
totally diminished in the presence of crude oil. In fact, TX-100 foam with crude oil
decayed in less than 5 min. The electrostatic double layer effect resulting from charge
interactions at the film interface is suppressed in non-ionic surfactants, and for this reason,

the stability of TX-100 was very low [114].

(@) (b)

Fig. 4. 2: Snapshots of foam generated with different surfactants at 0.5 wt% concentration

(a) in the absence of crude oil, and (b) in the presence of crude oil (at 10 vol%)
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Fig. 4. 3: Gas holdup values of different surfactants at 0.5 wt% concentration with and
without crude oil
[SDS: sodium dodecyl sulphate; AOS: alpha olefin sulphate; SDBS: sodium dodecyl
benzene sulphonate; TX-100: triton X-100; BL: black liquor]
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Fig. 4. 4: Foam volume as a function of time of surfactants (at 0.5 wt%) (a) without crude oil, and (b) with crude oil; (c) Half decay times of

surfactants (t,) without and with crude oil
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Fig. 4.5 shows foamability (V;) of the surfactants at different concentrations with
crude oil. It was observed that V; increased with increasing surfactant concentration, which
is the generally accepted trend of surfactant solutions [149, 194]. The formation of foam
depends on the movement of surfactant monomer to the gas-liquid interface. At low
surfactant concentration, slower movement of the surfactant to the gas-liquid interface
resulted in a lower value of fomability. As surfactant concentration increased adsorption of
surfactant gradually increased at the gas-liquid interface resulting in higher foamability
[195]. However, beyond a certain surfactant concentration, the foamability of all the
surfactants almost leveled off as the interface got slowly saturated with surfactant

molecules.

Initial foam volume, Vi (ml)
[EEN
(8)]

10+
= AOS
| e SDS
x 4+ SDBS
0.1 1

Surfactant concentration (wt%)

Fig. 4. 5: Foamability as a function of the concentration of surfactants in the presence of

crude oil.

4.3.2 CO,-Foam Stability of Different Surfactants

Initially, all the surfactants of the anionic and non-ionic types were studied for their

CO,-foam stability at room temperature (28 °C) with crude oil (at 10 vol%) [as explained
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in Section 2.2.7] with the objective of selecting suitable surfactants that will generate the
most stable CO,-foam. For comparison, the concentration of the surfactants was fixed at
0.5 wt% and the volume foam generated, by passing CO, gas through the surfactant
solution, was observed with respect to time for determining the ty, value. The foam
stability curves of the surfactants are shown in Fig. 4.6. The non-ionic surfactant (TX-100)
displayed the lowest foam stability with ty, value of 4.5 min. On the other hand, the
anionic surfactants namely SDS, AOS, and SDBS generated foams having higher foam
stability with ty, values of 40 + 2, 31 £ 2 and 25 min respectively at room temperature
(Table 4.1).

Thus, SDS and AOS displayed comparatively better CO,-foam stability with the
crude oil under similar experimental conditions. Earlier studies have also demonstrated that
foam-stability depends on the type of surfactants used for foam generation. Simjoo et al.
[189] reported that AOS was the most stable surfactant compared to other anionic and
amphoteric surfactants in the presence of oil while in absence of oil the amphoteric
surfactant was the most stable. Similarly, Farzaneh and Sohrabi [151] observed that non-
anionic surfactants have lower foam stability than the anionic surfactants under similar
experimental conditions. Azdarpour et al. [196] ranked the surfactants on the basis of foam
stability in presence of paraffin oil as SDS > AOS > SDBS > TX-100 with t;/, values of 17,

14, 13, and 12 min respectively.

4.3.3 Effect of Temperature on CO,-Foam Stability

As the highest t;;, values were observed for SDS followed by AOS at ambient
temperature, so CO,-foam stability of the SDS and AOS was also studied at a temperature
of 70 °C, which is the reservoir temperature. Foam generated in the glass column above the

liquid level was regularly monitored and recorded with respect to time at reservoir
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temperature. The time required for foam to reach half of its initial volume was noted with

care.
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Fig. 4. 6: CO,-foam stability curves of surfactants in the presence of crude oil at room
temperature (28 °C). Concentration of surfactants fixed at 0.5 wt% and crude oil was 10

vol%

Fig. 4.7 shows the foam stability curves of SDS and AOS at 28°C and 70°C at fixed
surfactant concentration (0.5 wt%). With the increase in temperature, the foam stability
characterized by ty/, decreased to less than half for both the surfactants. For SDS, ty, values
decreased from 40 + 2 min at 28 °C to 14 + 1 min at 70 °C, and for AOS from 31 + 2 min
to 10 + 1 min (Table 4.1). Wang et al. [197] observed that the foam stability of all
surfactants tested decreased with temperature. The primary reason for the lower foam
stability was related to the lower surface viscosity at a higher temperature which results in
faster liquid drainage. Kamal [198] investigated the effect of temperature on the foam
stability of betaine surfactant and reported a similar decrease in CO,-foam stability from 8

min at 25 °C to 3 min at 80 °C.
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Fig. 4. 7: CO,-foam stability curves of SDS and AOS at room (28 °C) and reservoir
temperature (70 °C) in the presence of crude oil. Concentration of surfactants fixed at 0.5

wt% and crude oil was 10 vol%

4.3.4 Effect of Surfactant Concentration

To observe the effect of surfactant concentration on CO, foam stability and to
select suitable concentrations for preparing chemical slug, similar experiments at reservoir
temperature were conducted with SDS and AOS surfactants. These two surfactants were
selected on the basis of their better CO,-foam stability at room and reservoir temperature.
Fig. 4.8 shows the foam stability curves of SDS and AOS as a function of their
concentrations. The obtained results show that foam stability improved with increasing
surfactant concentration up to a certain concentration, beyond which no further
improvement was observed even if the surfactant concentrations were increased. The
observed trend was due to the formation of a monolayer at the gas-liquid interface with
increasing surfactant concentration which in turn caused better foam stability. However, at

a certain concentration, the surface of the interface gets saturated with molecules and
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further increasing the surfactant concentration had little or no effect on foam stability.

Previous studies investigating the effect of surfactant concentration on foam stability have

reported similar observations [149, 151, 193]. Thus, it can be concluded that maximum

CO,-foam stability (with the highest value of ty,;) for a particular surfactant occurred at a

certain specific surfactant concentration. The maximum CO; foam stability was obtained at

0.3 wt% SDS and 0.5 wt% AOS concentrations which were selected as the optimum values

for further studies. The t;, values of SDS and AQOS at these optimum concentrations were

found to be 16 £ 1 min and 10 + 1 min respectively (Table 4.1).

Table 4. 1: CO,-foam stability of different surfactants at room (28 °C) and reservoir

temperature (70 °C)

Surfactant CO,-foam
Sl Concentration Temperature stability (t1)
No. e Q12
Name Type (W1%) (CC) (min)

1 SDS Anionic 0.5 40+2

2 AOS Anionic 0.5 28 31+2

3 SDBS Anionic 0.5 25

4 TX-100 Non-ionic 0.5 4.5

5 0.05 4+£05
6 0.07 6+0.5
7 SDS A 0.1 70 11+05
8 0.3 16 +1
9 0.5 14+1
10 1 135 +1
11 0.05 4+05
12 0.07 5+0.5
13 AOS Anionic 0.1 70 6+0.5
14 0.3 8+0.5
15 0.5 10+1
16 1 9+0.5
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Fig. 4. 8: CO,- foam stability curves at different concentrations of the surfactants (a) SDS and (b) AOS in the presence of crude oil at 70 °C
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4.4  Equilibrium IFT Measurements

After screening the surfactants based on the CO,-foam stability, suitable alkalis and
their optimum concentrations for preparing AS formulations were identified by performing
IFT measurements. Fig. 4.9 shows the variation in the equilibrium oil-water IFT values of
the optimum SDS and AOS formulations at different concentrations of the alkalis namely
Na,CO3z NaOH, and Na,B;0;10H,0 at reservoir temperature (70 °C). The results show
that for the surfactants, the equilibrium oil-water IFT value decreased with the increase in
alkali concentration up to a certain concentration and then the value was either constant or
slightly increased. The IFT value decreased due to the generation of in-situ surfactant
caused by the interaction of alkali and acidic components of crude oil. As the concentration
of alkali increased, the production of in-situ surfactant increased thus lowering the oil-
water IFT further [199]. However, after reaching a minimum value at a particular alkali
concentration, the IFT value no longer decreases because the amount of the acidic
components in crude oil is limited. It can be observed from Fig. 4.8 that, with 0.3 wt%
SDS the minimum IFT values of 0.0068 mN/m, 0.0092 mN/m, and 0.016 mN/m were
obtained at 1 wt% Na,COg3, 0.75 wt% NaOH, and 1.25 wt% Na,B,07 10H,0 respectively.
Similarly, with 0.5 wt% AQOS the minimum IFT values were found to be 0.0087 mN/m,
0.0098 mN/m, and 0.019 mN/m when mixed with 0.75 wt% NayCOs, 0.75 wt% NaOH,
and 1.25 wt% Na,B,0710H,0 respectively. Thus, both Na,CO3; and NaOH were found to
be efficient in reducing the oil-water IFT values to the ultra-low range (< 0.01 mN/m)
when combined with SDS and AOS in appropriate proportion. However, Na,CO3 can be
the preferred selection as the IFT values were the lowest. Additionally, the use of Na,COs
has certain advantages like it is cheaper, less corrosive, reduce retention, lower mineral
dissolution, and lower formation damage [97, 98]. The Na,CO3 concentrations (1 wt% and

0.75 wt%) at which the minimum IFT values were achieved when combined with 0.3 wt%
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SDS and 0.5 wt% AOS respectively, were considered as the optimum alkali
concentrations. Kumar and Mandal [7] also reported ultra-low IFT value (0.0032 mN/m)

for SDS (at CMC value) + 0.2 wt% Na,CO3; formulation with crude oil of Ankleswar

oilfield, India.
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Fig. 4. 9: Equilibrium oil-water IFT of alkali-surfactant (AS) formulations

The AS formulations designed based on foam stability study and IFT
measurements were used for performing the ASAG core flooding experiments as described
in Chapters 5 and 6. Further, in order to investigate the effect of salinity gradient
application during ASAG flooding (as described in Chapter 6), experiments were done to
identify the optimal salinity of the AS formulation containing 0.5 wt% AOS + 0.75 wt%
Na,CO; through IFT measurements and phase behavior study. To identify the optimal
salinity, the equilibrium IFT of the AS formulation at different SFB salinities ranging from
0% (0 ppm) to 100% salinity (3458 ppm) were measured. Fig. 4.10 shows the plot of the
equilibrium oil-water IFT values of the formulation as a function of formation brine

salinities. It was observed that as the salinity of SFB increased from 0% to 100%, the
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equilibrium IFT values decreased from 0.024 mN/m to 0.0087 mN/m. With the increase of
salinity, surfactant molecules adsorb more firmly at the water-oil interface which causes
the IFT to decrease [200, 201]. Fig. 4.9 shows that the IFT values at first decreased with an
increase in salinity reached the lowest value (at 70% of SFB salinity, 2400 ppm) and then
slightly increased when the SFB salinity reached 100% (3458 ppm). The 70% SFB salinity
with the lowest IFT value (0.0066 mN/m) was considered as the optimal salinity of SFB
for the above formulations. Kumar and Mandal [7] reported that the decreasing trend of
IFT with salinity was due to the combined effect of salt and surfactant mixtures. With
increase in salinity, the surface energy of crude oil in the presence of surfactant solutions is
lowered and so the IFT decreases. Similarly, Ruckenstein and Rao [202] observed that IFT
decreased with increasing salinity and became reduced to zero at higher salt

concentrations.

0.1-

—=— 0.5 wt% AOS + 0.75 wt% Na2003

0.011

Interfacial Tension (mN/m)

0 20 40 60 8 100 120
Formation brine salinity (% of total salinity)

Fig. 4. 10: Effect of formation brine salinity on the equilibrium oil-water IFT of AS

formulation
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4.5 Phase Behavior Study

Aqueous stability tests were initially performed with the two selected AS
formulations namely 0.3 wt% SDS + 1 wt% Na,CO;3; and 0.5 wt% AOS + 0.75 wt%
Na,COs in the SFB salinity ranging from 0 to 20,000 ppm. Fig. 4.11 (a) and (b) show the
results of the aqueous stability tests for the AS formulations considered. No deposition,
separation or cloudiness was observed for both the formulations in the selected salinity
range. Thus, the AS formulations were found to be compatibility in aqueous solution

within the salinity range of the SFB used in the experiments.

(b)
Fig. 4. 11: Aqueous stability at different salinities of AS formulations: (a) 0.3 wt% SDS +
1 wt% Na,COzand (b) 0.5 wt% AQOS + 0.75 wt% Na,CO3

The salinity scan of phase behavior study was performed to confirm the optimal
salinity of the AS formulation as identified with IFT measurements. Fig. 4.12 shows the
phase behavior study results performed with the AS formulation: 0.5 wt% AOS + 0.75
wt% Na,COj at various SFB salinities (ranging from 0 to 4000 ppm) with crude oil in the
water/oil ratio of 2:1. Winsor type | microemulsion was observed at lower SFB salinity and
Winsor type Ill at intermediate SFB salinities. At salinities higher than formation brine
salinity (4000 ppm), Winsor type Il microemulsion was observed. Microemulsion phase
changes generally occur from Winsor type | (at lower salinity) to Winsor type Il (at higher
salinities) through Winsor type Il microemulsion (at intermediate salinity). The increase in
salinity causes the hydrophobicity of the anionic surfactant to increase, thus the surfactants
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are driven out of the brine to form middle (Type IIl) or upper phase (Type II)
microemulsions [203]. The maximum Type Il microemulsion volume was observed at
2400 ppm (70% of SFB salinity). Sheng [10] reported that maximum type Il
microemulsion volume occurs at optimal salinity. It is at this optimal salinity that oil-water
IFT is the lowest and consequently the point of maximum oil recovery. Thus, 70% of SFB

salinity (2400 ppm) was considered as the optimum brine salinity.

=

Winsor Type | Winsor Type 111 Winsor
Type ll
Maximum Type Il microemulsion

Fig. 4. 12: Snapshot of phase behavior of AS formulation (0.5 wt% AOS + 0.75 wt%
Na,COs3) and crude oil (Salinity of formation brine ranging from 0 to 4000 ppm)

Healy and Reed [204] defined the solubilization parameters (Vo/Vs and V,/V;) for
phase behavior test. V,/Vsis defined as the volumetric ratio of solubilized oil to surfactant,
and V\/Vs is water to surfactant in the microemulsion phase. Vo/Vs increases with salinity,
while V,/Vs decreases with salinity. The amount of oil and brine solubilized in the
surfactant phase are approximately equal at optimum salinity and the corresponding ratio is
called the optimum solubilization ratio. Huh [156] derived a theoretical relationship

between IFT and optimal solubilization ratio known as the Huh equation:

(4.2)
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where A is the IFT, o* is the optimal solubilization ratio & C is around 0.3 mN/m.
Estimating the IFT from the Huh’s equation is much quicker than direct measurement (e.g.
with spinning drop tensiometer) and sufficiently accurate. Fig. 4.13 represents the
solubilization data of the phase behavior test. An optimal solubilisation ratio of 6.2 was
obtained at an optimum salinity of 2300 ppm. The corresponding IFT value calculated
from Hun’s equation was 0.0078 mN/m. These optimum salinity and IFT values agreed
well with experimental values obtained from the phase behavior test and the IFT measured

with spinning drop tensiometer respectively.
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Fig. 4. 13: Solubilization data of phase behavior test of (0.5 wt% AQOS + 0.75 wt%
Na,COs) and crude oil at 70 °C.

4.6  Adsorption Study

In order to investigate the effects of adding alkali (Na,COs3) and preflushing with
BL on the adsorption behavior of the surfactants onto reservoir rocks, the static and
dynamic adsorption studies were carried out. Fig. 4.14 shows the static adsorption
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isotherms of SDS and AOS onto the reservoir rock grains for a range of surfactant
concentrations. It can be observed that initially, the adsorption isotherm increased with the
increase in surfactant concentration due to the electrostatic interaction between the charged
sites on the rock grain surfaces and the head groups of the surfactant. Additionally,
adsorption also occurs due to the formation of surfactant molecule aggregates on the
surface of rock grains as a result of lateral interaction between hydrocarbon chains [205].
Fig. 4.14 also shows the adsorption isotherm of the two surfactants on to the reservoir rock
in the presence of Na,COs;. The addition of Na,CO; to SDS and AOS solutions
considerably decreased the surfactant adsorption. This effect of alkali on surfactant
adsorption has been reported earlier [206, 207]. Alkali increases the solution pH making
the sand surface more negative and thus the electrostatic repulsive forces decrease the
adsorption of the negatively charged surfactant [208].

The plots of fitting the adsorption equilibrium data for the two surfactants SDS and
AOS into Linear, Langmuir, Freundlich, and Temkin models are shown in the Fig. 4.15
and Fig.4.16 respectively. The corresponding equations, correlations, regression coefficient
(R?) and other parameters for all the adsorption isotherms are presented in Table 4.2. For
both the surfactants Langmuir model was the best fitting plot with maximum R? values.
The nondimensional Langmuir constant (R.) was evaluated which varied between 0.322 —
0.877 and 0.562 — 0.9551 for SDS and AOS respectively. This indicated that adsorption of
the surfactants onto the reservoir rocks was favorable [157]. The results indicated
monolayer adsorption on homogenous surface of finite number of identical sites with no
interaction between adsorbed molecules. Ahmadi and Shadizadeh [160] also reported
similar observation while investigating the adsorption of natural surfactant on shale-

sandstone reservoir rocks.
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The dynamic adsorption method can better simulate the adsorption of surfactant by
reservoir rocks. Thus, the results are more realistic and field-like. Fig. 4.17 shows the
dynamic adsorption curves of 0.5 wt% AOS solutions with and without the addition of
Na,COs (at 0.75 wt%), and with BL preflush. An equilibrium state during the surfactant
injection process was obtained when the surfactant concentration in the effluent was almost
equal to the injected surfactant concentration. This was the condition when surfactants are
no longer adsorbed by the core plug and breakthrough occurred. A longer equilibrium time
implied greater adsorption of surfactants onto the core plug, while a shorter equilibrium
time meant lower or reduction of adsorption [209]. From Fig. 4.17 and Table 4.2, it can be
observed that the addition of alkali to the surfactant shifted the equilibrium state from 9 PV
to 6 PV. The surfactant (AOS) adsorption was reduced by more than half from 1.41 mg/g
to 0.52 mg/g by 0.75 wt% Na,COj3 addition to surfactant solution. Ahmadi and Shadizadeh
[160] performed core flooding experiments (at temperature = 90 °C and pressure = 2500
psi) for dynamic adsorption of natural surfactant onto the surface of shale-sandstone core
plugs obtained adsorption values of 3.32 mg/g and 6.89 mg/g respectively. Lv et al. [205]
reported the dynamic adsorption study of alkyl benzene sulfonate and betaine solutions
injected through sand pack containing kaolinite. Their results indicated reduction of alkyl
benzene sulfonate and betaine adsorption from 1.676 and 3.206 mg/g to 0.355 and 0.686
mg/g respectively with the addition of Na,CO3 alkali.

During the preflushing with BL, the SFB used for initial injection was mixed with
BL (at various concentrations) followed by the injection of AS solution. This was done to
investigate the ability of BL to act as sacrificial adsorbate for reducing the loss of primary
surfactant by adsorption and also to find the appropriate concentration of BL for
preflushing. The results show that preflushing with BL could further reduce adsorption
from 0.52 mg/g (without preflushing) to 0.37 and 0.21 mg/g by increasing the BL

preflushing concentration from 0.5 to 1 wt% respectively. It has been reported that
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preflushing with lignosulphonate causes the strongly-ionized sulphonate groups to pre-
adsorb on the potential adsorption sites of the reservoir rock by means of electrostatic
attraction or hydrogen bonding. Thus the negative charge of the reservoir rock surfaces is
increased in such a way that rock grain surfaces has little or no affinity for the primary
surfactant, reducing its adsorption loss [210-213]. Lignosulphonate, the main constituent of
BL, was thus instrumental in reducing surfactant (AOS) adsorption when used for the
preflushing prior to surfactant injection. The adsorption results indicated that increasing
the BL concentration in the preflush to 1.5 and 2 wt% could not further reduce the
adsorption below 0.21 mg/g. This was due to the characteristic property of surfactant
adsorption onto solid surfaces of reaching a limiting adsorption value at the critical micelle
concentration (CMC) value [214]. The CMC of BL in formation brine (SFB) was
determined by plotting surface tension versus the surfactant concentration. The CMC
concentration corresponds to the point of first lowest surface tension and after the CMC,
the surface tension remains fairly constant. Fig. 4.18 shows the plot of surface tension as a
function of BL concentration and the CMC value of BL as 1 wt%. Thus, based on the
dynamic adsorption study it was observed that the CMC value of BL could be considered

as the most suitable concentration for preflushing operation.
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Fig. 4. 14: Static adsorption isotherms of surfactants: (a) SDS and (b) AOS onto reservoir rock at 28 °C with and without Na,COjs alkali
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Fig. 4. 15: Adsorption Isothermal model fitting of SDS on reservoir rock samples (a) Linear isotherm model (b) Langmuir isotherm model (c)
Freundlich isotherm model and (d) Temkin isotherm model.
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Fig. 4. 16: Adsorption isothermal model fitting of AOS on reservoir rock samples (a) Linear isotherm model (b) Langmuir isotherm model (c)
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Freundlich isotherm model and (d) Temkin isotherm model.
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Table 4.2 Parameters of different adsorption isotherm model fitting
Isr?]tgjerlm Equation Surfactant Correlations Parameters R?
Linear SDS q. = 8.0145C, - 119.3790 Ky=8.0145  C=-119.3790  0.9422
. qe = KHCe
isotherm AOS g, =2.0071 C, - 59.8317 Ky=2.0071  C=-59.8317 0.8981
q,..K,C SDS 1/q, = 1.025/C, - 0.0143 Qmax= 69.93 K. =0.014 0.9945
Langmuir q. = W
L% AOS 1/q, = 2.1690/C, - 0.0114 Omax= 87.72 K. =0.0052 0.9797
SDS log g, =1.9571 log C, - 0.9696 n=0.5109 Kg=0.1073 0.9658
Freundlich q, = K.C"
AOS log q, =1.6740 log C, - 1.2691 n=0.5974 K¢=0.0538 0.9411
SDS g, =243.5553In C, - 630.8747 K+=0.075 B=243.5553 0.9422
Temkin g, =BInK; +BInC,
AOS q, =1.1938InC, + 77.7094 K:=1.86¢% B =1.8619 0.3727

C. = equilibrium concentration (ug/g);
K. = Langmuir constant;
B = Temkin constant.

TH-2437_126107015

Je = Adsorption at equilibrium time (ng/g);
Omax = Langmuir adsorption capacity (ng/g);
Ky = Temkin constant
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Fig. 4. 17: Surfactant concentration as a function of the pore volume of the fluid injected in

dynamic adsorption experiments performed at 70 °C
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Fig. 4. 18: Surface tension versus black liquor concentration curve for determining CMC
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Table 4. 3: Summary to core flood experiments performed to study the dynamic adsorption of surfactant on to core plugs

Injected chemical

Sl PV DLy weigg formulation EqU|!|br|um Adsorption
No of core plug of core plug Preflush by BL time (mg/g)
' (ml) ) (Wt9%o) AOS Na;COs (PV) 9
(Wt%o) (Wt%o)
1 18.31 199.34 0 0.5 0 9 1.41
2 16.52 186.28 0 0.5 0.75 6 0.52
3 15.94 160.27 0.5 0.5 0.75 5 0.37
4 16.98 188.82 1 0.5 0.75 4 0.21
5 15.53 158.54 1.5 0.5 0.75 4 0.22
6 16.85 187.86 2 0.5 0.75 4 0.21
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4.7 Summary

The optimum chemical formulations for ASAG flooding were designed to fulfill
two objectives which are lowering oil-water IFT to ultra-low value and providing good
mobility control. The presence of crude oil was found to have a destabilizing effect
lowering both the foamability and foam stability of the foaming agents/surfactants. CO,-
foam stability of the surfactant solutions was found to be lower at reservoir temperature
(70 °C) compared to room temperature (28 °C). The maximum CO,-foam stability in the
presence of crude oil at reservoir temperature occurred at 0.3 wt% SDS and 0.5 wt% AOS.
The equilibrium IFT measurements showed that when combined with the optimum SDS
and AOS formulations, both the alkalis Na,CO3; and NaOH could reduce the oil-water IFT
values to the ultra-low range. However, Na,CO; was chosen as the IFT values were the
lowest. The phase behavior study indicated that 70% of SFB salinity (2400 ppm)
corresponded to the optimal salinity where Winsor type Il microemulsion volume was
maximum. The IFT measurements confirmed that the oil-water IFT value at optimal
salinity was the lowest. Further, the addition of alkali was found to considerably decreased
the surfactant adsorption onto the reservoir rocks. Additionally, dynamic adsorption studies
showed that alkali addition could reduce surfactant (AOS) adsorption by core plug by more
than half from 1.41 mg/g to 0.52 mg/g. Preflushing with BL reduced the surfactant loss due

to adsorption and the optimum concentration of BL for preflushing was its CMC value.
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Chapter 5

Enhanced Oil Recovery by ASAG flooding

This chapter elaborates upon the potential of ASAG flooding for EOR through lab-scale
core flooding experiments. A comparative assessment of the additional oil recovering
ability of the other EOR techniques like tertiary CGIl, CO,-WAG, SAG, AS, and ASAG

flooding is also presented.

5.1 Core Flooding Experiments

The core flooding experiments were performed in a lab-scale core flooding
apparatus on sandstone reservoir core plugs using crude oil to evaluate the oil recovery
potential of the different EOR injection schemes. After the initial crude oil saturation as
described in Section 2.2.11, synthetic formation brine (SFB) was injected at constant
pressure with the temperature maintained at 70 °C during the secondary waterflooding
process. Thereafter, fluids were injected under different injection schemes depending on
the tertiary EOR process. The injection of liquid was maintained at constant pressure
(around 500 psi), while the volumetric gas injection rate was fixed at 0.2 ml/min in most of
the experiments. In this study, the potential of the tertiary WAG, SAG and ASAG flooding
for EOR was evaluated under immiscible conditions. According to the concept of
immiscible flooding, CO, is injection at subcritical conditions (critical pressure of CO; is
1071 psi) [215]. From the CO; phase diagram (shown in Fig. 5.1), it is observed that CO,
will be in the gaseous state under the experimental conditions (subcritical pressure and
reservoir temperature of 70°C). Although the core flooding experiments were conducted
under similar experimental conditions, they were not similar entirely. Some core plugs

were reused after complete cleaning and drying following its previous flooding operation.
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The core plugs could be reused as no appreciable alteration was observed in porosity and
permeability values after the flooding process. In each experiment, connate water
saturation (Swc), absolute permeability to brine (Kas), 0il recovery by secondary water
flooding, additional oil recovery, cumulative oil recovery, and pressure drop (AP) data
were recorded. The oil recovery values obtained from secondary water flooding were
found to be in good agreement and in the range of 34 — 37 %0O0IP. However, in the BL
preflushing experiments during secondary water flooding, the oil recovery was slightly

higher in the range of 39 — 40 %OOIP.
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Fig. 5. 1: CO, phase diagram [216]

5.2 Comparison of Various EOR Injection Schemes

Eight core flooding experiments were performed to evaluate and compare the
performances of tertiary continuous gas injection (CGI), CO,-WAG, SAG, AS, and ASAG
flooding. Similar core plugs with porosity and permeability values in the range 20 — 21%

and 6 — 8 md respectively were used in these flooding experiments. In order to ascertain
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whether foam was formed in the core plugs during SAG and ASAG flooding, the AP data
were used to calculate the mobility reduction factor (MRF). MRF is a factor used to

characterize the strength of foam generated and is defined as the pressure drop across the

core with and without foam [217, 218].

MRF - APfoam (51)

no foam
where APf,am = average pressure drop across the core plug in the presence of foam.
APno foam = average pressure drop across the core plug in the absence of foam.
An MRF value > 1 is an indication of foam formation, and an increase in the value of
MRF takes place when stronger foam is formed [217]. The experimental details and results
of the eight core flooding experiments are summarized in Table 5.1. The oil recoveries by
secondary water flooding were identical, implying that the residual oil saturation in the

core plugs was similar prior to the injection of tertiary injection schemes.

5.2.1 Tertiary Continuous Gas Injection (CGI)

In tertiary CGI, gas/CO, was continuously injected into the core plug at the
constant volume injection rate of 0.2 ml/min under immiscible conditions after secondary
water flooding at reservoir temperature (70 °C). CO; injection was terminated after 3 PV
was injected and when no more oil was produced. Fig. 5.2 shows the cumulative oil
recovery and AP versus the PV of fluid injected. The secondary water flooding resulted in
an oil recovery of 36.88 %QOOIP. The oil recovery by tertiary CGI was 3.46 %OOIP. The
residual oil was produced from the core plug due to the CO, invasion into pores which
were inaccessible by water flooding [12]. Upon its dissolution with the residual oil, the
CO; become instrumental in reducing oil viscosity and causing oil swelling in the pores
spaces which contribute towards improving the oil recovery from the core plug. However,

the recovery was low probably due to the water shielding effect caused by brine injected
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during secondary waterflooding, and early injection gas breakthrough. Due to the initial
high water saturation after water flooding, the injected gas/CO, could not contact a large
part of the residual oil in the core plug and had to first displace the water to reach the oil.
Additionally, high gas mobility also resulted in poor volumetric sweep efficiency (Eo).
The AP during CGI was initially around 50 psi but dropped rapidly indicating injection gas
breakthrough. Kulkarni and Rao [60] studying the tertiary immiscible CGI with n-decane
and Berea core had also reported recovering 4 - 22 %OOIP in their core flooding

experiments.
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Fig. 5.2: Cumulative oil recovery and pressure drop versus pore volume of fluid injected in

tertiary CGI

5.2.2 CO,-Water Alternating Gas (CO,-WAG) Flooding

In this experiment, the oil-saturated core plug was subjected to secondary water
flooding until no more oil was produced. The oil recovery after injection of 4 PV of SFB
was 36.17 %O0OIP. The core plug with residual oil was then subjected to immiscible CO,-
WAG flooding during which four cycles of WAG were injected with each cycle consisting

of 0.25 PV of CO, and 0.25 PV of SFB. Thus the total volume of fluid injected during the
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CO,-WAG process was 2 PV. WAG injection was followed by the drive in the form of 4
PV of extended water flooding (EWF). Fig. 5.3 shows the cumulative recovery and AP
versus PV of fluid injected in CO,-WAG flooding. The oil recovery post water flooding
increased to 7.96 %OOIP. This amounted to a cumulative oil recovery of 44.13 % OOIP.
The improvement in oil recovery by CO,-WAG was 4.5 %OOIP over tertiary CGI. The
combination of CO; and water in the WAG process reduced gas/CO, mobility due to the
increased water saturation in core plugs [82]. The result was an improved frontal
displacement of the residual oil and consequently higher oil recovery. As CO, and water
were injected in short alternate slugs, the early breakthrough of the gas/CO, was prevented
that improved the sweep efficiency. Thus, additional oil was mobilized by the injected
gas/CO, and consequently higher oil recovery resulted. The drastic decline in the AP was
not observed in WAG flooding unlike the CGI process. This clearly indicated that the gas
mobility was effectively controlled. A cyclic trend of AP was observed throughout the
WAG cycle as the injected fluid switched between CO, and brine. After oil bank
breakthrough and production of residual oil, the AP across the core plug stabilized during
the EWF period. The average AP during the WAG process was 51.63 psi. The oil recovery
by CO,-WAG injection was in good agreement with data reported in the literature.
Kulkarni and Rao [60] while conducting immiscible CO,-WAG core flooding on Berea
cores with n-decane as the oil phase obtained oil recovery of 8.3 %OOIP, which was much
lower than miscible WAG recovery (35 %OOIP). The field incremental oil recovery by

CO,-WAG is also reported to be low and in the range of 5 to 10 %OOIP [59, 61, 219].
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Fig. 5.3: Cumulative oil recovery and pressure drop versus pore volume of fluid injected in
CO; - WAG flooding

5.2.3 Surfactant Alternating Gas (SAG) Flooding

The surfactant formulations which displayed the best CO,-foam stability at
reservoir temperature in presence of crude oil (0.3 wt% SDS and 0.5 wt% AQOS) were
chosen as the chemical slugs for the SAG core flooding experiments. The core plug was
initially subjected to water flooding which resulted in oil recoveries in the range of 35 — 37
%OO0IP after 4 PV of brine (SFB) injection. This was followed by SAG flooding which
included four cycles of alternated 0.25 PV gas/CO, and 0.25 PV of surfactant solution
injection. Finally, the core plugs were flooded with 4 PV of SFB during EWF. The
additional oil recoveries obtained were 18.89 %OOIP and 17.23 %CQOOIP for the two core
flooding experiments. This amounted to an improvement of more than twice the oil
recovery by the CO,-WAG process. As the test conditions were maintained the same as in
CO,-WAG, the additional recovery highlights the beneficial effect of surfactant addition to

brine on the oil recovery during the WAG process. Fig. 5.4 (a) - (b) shows the cumulative
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oil recovery and the AP as a function of the PV of fluid injected in the two SAG processes.
The average AP increased to 60.00 psi and 61.13 psi during the two SAG injection
experiments, and the corresponding MRF values were 1.16 and 1.18. These MRF values >
1 were indicative of in-situ foam formation in the core plug due to the alternate cycles of
surfactant solution and gas/CO; injection during SAG flooding [76, 186]. Foam generation
in the core plug had increased the apparent viscosity of CO; gas, thus making the mobility
ratio favorable. Consequently, better gas mobility control and improvement in E,, resulted
in higher oil recovery. The increased recovery during the SAG process could also be
attributed to the decrease in the oil-water IFT caused by the addition of surfactant to brine.
The results of IFT measurements indicated that the addition of surfactants (SDS and AOS)
could lower the oil-water IFT values to as low as 0.2 — 0.3 mN/m. These IFT values were
much lower than the typical crude oil-brine IFT values of 18 — 32 mN/m [220]. With the
decrease in the IFT, the capillary number (Ncap) increased which helped in mobilizing the
trapped oil in the core plug leading to higher oil recovery. In addition, injecting the
surfactant solutions is also known to alter wettability of the reservoir rock to more water-
wet condition which helps in improving the oil recovery [221]. Further, a correctly
designed surfactant solution can combine with brine and crude oil to form microemulsion
at oil-water interface further reducing the IFT to the lowest value for improved oil recovery
[222]. Moayedi et al. [223] reported incremental oil recovery of 12 %OOIP, which was 9%
higher than WAG flooding, from tertiary SAG core flooding experiments performed using

Berea sandstone cores with Hibernia crude oil.
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5.2.4 Alkaline-Surfactant (AS) Flooding

Two additional core flooding experiments were performed with only the AS
formulation without gas to compare the effect of chemical flooding with combined gas-
chemical flooding. The chemical slug used in the two AS flooding experiments were
0.3wt% SDS + 1 wt% Na,CO3; and 0.5wt% AOS + 0.75 wt% Na,COg3 respectively.
Following secondary water flooding, the core plug was subjected to 1 PV of chemical slug
injection at a constant rate followed by 5 PV of SFB injection. Fig. 5.5 (a) — (b) shows the
cumulative oil recovery and AP data of the two tertiary AS flooding experiments. The
residual oils recovered were 16.34 %OOIP and 15.20 %OOIP respectively - higher than
CGI and WAG flooding. Kumar et al. [224] reported incremental oil recovery of 20 — 40
%O0IP from AS flooding in sand packs with heavy oils of Alaska. Several mechanisms
are responsible for oil recovery by AS flooding including a decrease in oil-water IFT, the
formation of in-situ surfactants by the reaction between alkali and acidic components of
crude oil, wettability alteration, and emulsification of oil in water [138]. Adding alkali and
surfactants at optimum concentrations decreased the oil-water IFT values of the alkali-
surfactant (AS) formulations to ultra-low values (0.0068 mN/m and 0.0087 mN/m). Thus
the capillary held residual oil in the core plug could be mobilized and extra oil recovery
was obtained. In addition, it was observed from the phase behaviour study that alkali-
surfactant solutions at optimum salinity formed Winsor type Il microemulsion This type
of microemulsion plays a very crucial role in enhanced oil recovery operations because of
its ultra-low IFT environment and ability to produce maximum oil [155]. It can be
observed from the figures that a rise in AP occurred during the AS injection as the oil bank
was formed due to the mobilization of the residual oil by the chemical slug. But after the
oil bank and injection fluid breakthrough, the AP decreased continuously before stabilizing
at around 40 psi during the EWF. The average pressure drop during AS injection period

were 62.50 psi and 59.75 psi respectively for the two experiments.
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5.2.5 Alkaline-Surfactant-Alternated-Gas (ASAG) Flooding

The performance of tertiary ASAG flooding was studied by performing two core
flooding experiments for the two selected AS chemical slug. SFB was first injected into the
oil-saturated core plug during the secondary water flooding. The experiment was then
switched to ASAG flooding in which 4 cycles of alternated 0.25 PV gas/CO, and 0.25 PV
AS slug were injected. Fig. 5.6 (a) — (b) shows the cumulative oil recovery and AP versus
PV of fluid injected during the ASAG flooding experiments. With core plugs of identical
properties, the oil recoveries of equivalent magnitude were obtained by secondary water
flooding (35 — 37 %0O0IP) under similar experimental conditions. The immiscible tertiary
ASAG flooding resulted in additional oil recoveries of 23.85 %OOIP and 21.87 %QOO0IP
respectively, which were 7.51 %OOIP and 6.67 %OOIP higher than the respective AS
flooding experiments. The higher oil recovery by ASAG flooding compared to AS
flooding highlighted the synergic effect of AS and gas/CO, alternate injection. The early
breakthrough of the injected chemical slug resulted in reduced E,, and consequently lower
oil recovery during AS flooding. However, during ASAG flooding the early injection fluid
breakthrough was prevented due to the injection of both AS and gas/CO; in short alternate
slug. The presence of both injected fluids reduced the mobility of each other. Moreover,
high gas mobility was controlled due to in-situ foam generation during ASAG flooding.
Foam does not make the CO, gas less mobile, but increases the apparent viscosity of the
gas and decreases the relative permeability of the liquid thus making the mobility ratio
favorable [57]. Further, the injection of the AS formulations lowered the oil-water IFT to
the lowest values to produce the adherent oil from the core plug. The CO, injected also
resulted in oil-swelling and viscosity reduction, thereby improving oil recovery. Thus,
combination of all the above mechanisms accounted for the highest oil recovery obtained
by ASAG flooding. Luo et al. [124] reported better oil recovery during ASP/CO, flooding

(27.43 %OOIP) for Saskatchewan heavy oils, compared to CO,-WAG flooding (9.43
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%0O0IP) in core flooding experiments performed on sand packs prepared with Ottawa
sands. Srivastava et al. [78] had reported incremental oil recovery of 29% OOIP from
immiscible ASG (AS alternated CO,) flooding with Berea sandstone cores and Limbodara
crude oil.

As shown in Figure 5.6, the AP continuously fluctuated as the chemical slug and
the gas/CO, were alternately injected during the ASAG cycle. At the beginning of water
flooding, the AP across the core plug build up and then sharply decreased after reaching a
peak following water breakthrough. AP was further observed to stabilize to a steady-state
value towards the end of the waterflood. During the ASAG flooding, when the first slug of
gas/CO, was injected, the AP decreased slightly due to the low viscosity of CO, gas. The
injected CO, gas mobilized some of the residual oil due to dissolution forming an oil bank,
so a slightly increasing trend of AP was observed towards the end [61]. Thereafter, the
increasing trend of AP continues during the first alternating chemical slug injection
because of the change in viscosity of the injected fluid (from gas to liquid) and as oil bank
grew while moving through the core plug. The injection of chemical slug mobilized
residual oil increasing the oil bank size. The increase in the oil bank size and foam
generation also raised the AP. During the second slug of CO; injection, a decreasing trend
of AP was again observed like in the first cycle. However, AP increased during the second
alternating chemical slug injection reaching the peak AP value just ahead of the oil bank
breakthrough. The formation of a second AP peak was related to the generation of a second
oil bank. The highest AP peak value occurred in the second cycle because of the flow
resistance offered by the propagating oil banks and foam generated. As a major part of the
residual oil was produced during the first two cycles, the sizes of oil banks formed in the
later cycles decreased gradually resulting in a lowering of AP peak values. The average
APs recorded during the two ASAG flooding were 65.75 psi and 66.13 psi respectively
(Table 3.1). A comparison of these values with the data of AS flooding experiments
indicated that the higher average AP in ASAG flooding was because of in-situ foam
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generation and not due to the displacement of microemulsion formed during the process.
Similar difference in the average AP during ASG flooding (with gas) and AS flooding
(without gas) was reported by Cottin et al. [79].

The MRF values were calculated using Eq. (5.1), and found to 1.27 and 1.28
respectively. The values were greater than 1which suggested the generation of foam during
these processes. Further, the higher MRF values of ASAG flooding compared to SAG
implied stronger in-situ foam formation in the core plug. With stronger foam formed, gas
mobility control had improved and a more efficient displacement front was formed leading
to an increase in Eyo. Alkali is known to react with the naphthenic acids present in crude
oils to produce in situ surfactants. The presence of both the injected and in-situ surfactants
helped to lower the oil-water IFT to ultra-low value. This ultra-low IFT was instrumental
in mobilizing the capillary held residual oil, thereby increasing the oil recovery.
Additionally, the presence of alkali also reduced the adsorption of surfactant by the core
plug. With less adsorption, more surfactants were available for foam formation and its
propagation through the core plug resulting in the better displacement of the residual oil.
Combinations of all these factors were responsible for the observed increase in the oil
recovery during ASAG flooding.

To study the water production behavior during ASAG flooding, the water-cut data
along with the cumulative oil recovery plot for the first ASAG flooding experiment were
plotted and is shown in Fig. 5.7. During the oil saturation phase, crude oil was injected into
the core plug at a constant rate until the water cut in the effluent reached 0%. During the
water flooding operation, 4 PV of SFB was injected again at a constant rate to establish
residual oil saturation indicated by 99% water cut. At the start of waterflooding, only crude
oil was produced (water cut = 0 %) until water breakthrough occurred at 0.75 PV. From
there onwards the water cut gradually increased until it reached 99% at about 2.75 PV and

continuing to the end of water flood.
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As the four-cycle ASAG flooding mobilized and recovered residual oil, the water
cut in the effluent was also observed to change. In the first cycle, a little oil was produced
so the water cut was around 94%. However, during the second cycle maximum oil
production was observed so that the effluent water cut reached the lowest value of 68% at
5 PV. In the subsequent third and fourth cycles, an increasing trend of water cut was
observed as the amount of oil produced in the effluent decreased gradually. Finally, the

water cut reached 99% during the EWF period when very little oil was produced.
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Table 5. 1: Summary of core flooding experiments performed with various EOR injection schemes

© Description ) K Saturation Fluid Injected Avg. Recovery
No. P (%)  (mD) (%) (PV) AP MRF (% OOIP)
Kabs Soi B WF EOR EWF  (psi) WF EOR  Total
1 Tertiary CGI  20.49 6.58 7352 2648 4.00 3.00 30.75 - 36.88  3.46 40.34
2 WAG 20.76 7.11 7482 2518 4.00 2.00 4.00 51.63 - 36.17 796 44.13

3 SAG (with 20.73 6.87 7331  26.69 4.00 2.00 4.00 60.00 1.16 35.62 18.89 54.51

SDS)

4 SAG(with 2052 742 7265 2735 400 200 400 6113 118 3674 17.23  53.97
AOS)

5  ASflooding 2069 698 7414 2586 400 100 500 6250 3648 1634  52.82
(with SDS)

6 ASflooding 2014 650 7316 26.86 400 100 500 59.75 3487 1520  50.07
(with AOS)

7 ASAGI 2027 687 7421 2579 400 200 400 6575 127 3594 2385  59.79
(with SDS)

8 ASAG Il 2049 610 7335 26,65 4.00 200 400  66.13 128 3631 2187 58.18
(with AOS)
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5.3 Summary

This chapter highlighted the successful application of combined alkali, surfactant,
and gas/CO; injection for improving oil recovery of medium gravity crudes through core
flooding experiments performed with sandstone core plugs. The oil recovery by tertiary
CGlI was low (3.46 %OOIP) due to the early injection gas breakthrough. Unlike CGl, the
drastic decline in AP was not observed in CO,-WAG flooding due to gas mobility control
which resulted in the incremental oil recovery of 7.96 %OOIP. The oil recovery by SAG
flooding increased by more than double (~ 18 %OOQIP) compared to CO,-WAG when the
best performing surfactant formulations were injected alternately with gas/CO;. Higher oil
recovery was possible primarily due to the lowering of oil-water IFT due to surfactant
addition and gas mobility control caused by in-situ foam formation (MRF values > 1).

Further, the effect of adding the optimum AS formulations to brine in the WAG
process was evaluated through ASAG flooding. The highest oil recovery (~ 23 %OOIP)
amongst all the EOR processes was achievable by the tertiary immiscible ASAG flooding.
The attributes that made ASAG flooding the favorable option include attainment of ultra-
low IFT, reduction of fluid mobility, stronger foam generation, and reduction of surfactant
adsorption. A fluctuation of AP was observed as the chemical slug and the gas were
alternately injected during the ASAG cycle. The mobilization of residual oil by the injected
fluids resulted in the formation of the oil banks which were indicated by the development
of AP peaks during ASAG flooding. Moreover, AP behavior of AS flooding and ASAG
flooding revealed that higher average AP during ASAG flooding was due to in-situ foam

generation and not due to displacement of microemulsion formed during the process.
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Chapter 6

Key Parameters Influencing ASAG Flooding

This chapter addresses the effects of key operational parameters on the performance of
ASAG flooding. The optimum conditions for the best oil recovery by ASAG flooding
evaluated based on the core flooding experiments is presented. For the purpose of
improving process efficiency, this chapter also highlights the applications of salinity

gradient and preflushing during ASAG flooding.

6.1 Introduction

Chapter 5 highlighted the potential of ASAG flooding for EOR and showed that its
overall displacement efficiency was better compared to SAG and WAG flooding. The
alternate injection of gas/CO, and AS slug resulted in in-situ foam generation during the
ASAG flooding as indicated (MRF value > 1). Foam was instrumental in providing
mobility control and increasing the volumetric sweep efficiency (Eo). However, in order to
establish ASAG flooding as a viable EOR method, the effects of key parameters on the
performance of ASAG flooding require further investigation. These operating parameters
are to be adjusted and optimized before ASAG flooding can be successfully applied in a
particular oil reservoir. A number of ASAG core flooding experiments were performed to
ascertain the performance of ASAG flooding under different injection schemes and to find
the optimum operating conditions. ASAG | and ASAG Il described in section 5.2.5
represented the ASAG flooding experiments performed with the most suitable operating
parameters using the two optimum chemical formulations 0.3 wt% SDS + 1 wt% Na,COs

and 0.5 wt% AOS + 0.75 wt% Na,COg respectively. The results of the other core flooding
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experiments are presented along with these two ASAG flooding experiments to examine

the influence of various parameters on the performance of the immiscible ASAG flooding.

6.2 Effect of ASAG Slug Ratio

ASAG slug ratio means the ratio of the PV of chemical solution to the PV of CO,
gas injected in each ASAG cycle. In order to study the effect of different ASAG slug ratio
on the oil recovery efficiency, two core flooding experiments were performed with the slug
ratios of 2:1 and 1:2. The ASAG | experiment was carried out using the first chemical
formulation (0.3wt% SDS + 1wt% Na,COs3) with the slug ratio of 1:1. For the 2:1 slug
ratio experiment, 0.167 PV gas/CO; and 0.333 PV AS slug were alternately injected per
cycle during ASAG flooding keeping other operating conditions the same as in ASAG I.
Thus liquid volume was increased per cycle and its effect on the oil recovery was studied.
Fig. 6.1 (a) shows the cumulative oil recovery and AP across the core plug versus the PV
of fluid injected with 2:1 slug ratio. The oil recovery achieved was 20.05 %OOIP, which is
lower than ASAG | (23.85 %OO0IP). The average AP also dropped to 59 psi and the
corresponding MRF value decreased to 1.14. This implied that less strong foam was
formed compared to ASAG | performed with a slug ratio of 1:1. Thus increasing the
volume of chemical solution per cycle could not improve the oil recovery factor. The
higher volume of chemical solution results in the early breakthrough of the chemical
solution leading to a decrease in the E,, and consequently low oil recovery. Moreover, with
the increase in the volume of chemical solution the fraction of gas in the injected fluid was
reduced which dispersed the gas in the aqueous phase. As the gas was held in the aqueous
phase, the injected gas was unable to contact the residual oil in the pores of the core plug,
reducing the microscopic displacement efficiency (Eqo) [66].

The effect of gas volume increase per cycle during the ASAG process was
observed by changing the slug ratio to 1:2. This was accomplished by injecting 0.333 PV
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gas/CO, and 0.167 PV of AS slug alternately in each ASAG cycle. Fig. 6.1(b) shows the
cumulative oil recovery and AP across the core plug versus the PV of fluid injected with
1:2 slug ratio. The oil recovery obtained was 21.11% OOIP, which is less than the recovery
with the slug ratio of 1:1 but more than with the slug ratio of 2:1. The average AP during
the process was 61.50 psi, and the corresponding MRF value was 1.19 Table 6.1). This
implied that stronger foam was generated when the gas volume was increased during the
cycle and hence the comparatively higher oil recovery. However, by increasing the gas
volume the amount of chemical solution available to mobilize residual oil decreased
resulting in reduced Eg,. Furthermore, an increase of injected gas caused early gas
breakthrough reducing the E,,. Because of these reasons, lower oil recovery was obtained
compared to the slug ratio of 1:1. Thus, among the three ASAG slug ratios, the most
suitable injection scheme for ASAG flooding was 1:1 as the highest oil recovery and
strongest foam were generated with this slug ratio. Salehi et al. [66] reported the
achievement of maximum oil recovery efficiency with SAG ratio of 1:1 at which both the
Eq and E,, were high. Han and Gu [225] on the basis of their study on miscible WAG
concluded that WAG slug ratio of 1:1 was especially suitable due to high oil recovery and
production rate combined with moderate CO, consumption. Other researchers also
observed that 1:1 slug ratio was optimum for WAG process [226-228]. However, Rahimi
et al. [53] have reported that 2:1 WAG ratio was best suitable for their study on miscible
CO,-WAG which resulted in the highest oil recovery, high oil production rate, and low

CO;, consumption.
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Table 6. 1: Summary of core flooding experiments evaluating the effects of ASAG slug ratio, slug size, and injection scheme

Sl Descriotion ) K Saturation Fluid Injected Avg. Recovery
No. P (%)  (mD) (%) (PV) AP MRF (% OOIP)
Kiaps Syi Swe WF EOR EWF (psi) WF EOR Total
ASAG |
1 ¢ Slgratio(LD) 5050 g7 7421 2579 400 200 400 6575  1.27 3594 2385  59.79
e Slug size (0.25)
e GAC
2 Slug ratio 2073 572 7317 2683 4.00 200 4.00 5900 114 3556  20.05  55.61
(2:1)
3 Slug ratio 2049 610 7214 2786 4.00 200 4.00 6150 119 3648 2111 5759
(1:2)
4 S'(‘égsz')ze 2051 597 738 262 400 198 4.00 5950 116  36.65  19.74  56.39
Slug size
5 (0.50) 2062 525 7513 2487 00 .00 400 5513  1.07 3503 1759  52.62
6 Slug size 2073 610 7691 2309 , 0 L,00 400 5338  1.04 3439 1264  50.66
(1.00)
7 CAG 2037 635 7715 2285 400 200 4.00 6024 117 3542 1978  55.20
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6.3 Effect of ASAG Slug Size

Three core flooding experiments performed under similar experimental conditions
with different ASAG slug size or cycle frequency were compared with the performance of
ASAG I. The aim was done to study the effect of various slug sizes on the performance of
ASAG flooding. These experiments were conducted with the same slug ratio of 1:1 and
total fluid injection of 2 PV, but with different slug sizes of 0.33, 0.5, and 1 PV. Slug size
means the PV of the fluid (AS formulation or gas/CO,) injected per cycle. For optimal oil
recovery with the best utilization of injected fluids, injection of the chemical or the gas
slug in the correct volume during the ASAG process is desirable. The cumulative oil
recovery and the AP data of the three experiments are shown in Figure 6.2 and Table 6.1.
The additional oil recoveries of 19.74%, 17.59%, and 13.27% OOIP were achieved with
slug sizes of 0.33 PV, 0.5 PV, and 1 PV respectively. These oil recoveries were lower
than ASAG | (23.85 %OOIP) performed with the slug size of 0.25 PV. Thus, slug size
affected the oil recovery by ASAG flooding. More specifically, higher oil recovery by
ASAG flooding was achieved with a smaller slug size. This was probably due to the fact
that with smaller slug size (consequently, more cycles) better contacts between the
chemical solution and CO, gas were possible which improved foam generation. Increasing
the slug size, on the other hand, decreases the E,, due to earlier fluid breakthrough.
However, too small a slug size raises the operating cost as the higher cycle frequency will
require the fluids to be alternately injected more frequently [225]. Fig. 6.2 also shows that
the experiment with the largest ASAG slug size of 1 PV developed the lowest AP peak
compared with smaller slug sizes. The average APS recorded were 65.75 psi, 59.91 psi,
55.00 psi, and 43.52 psi respectively for slug sizes of 0.25 PV, 0.33 PV, 0.5 PV, and 1 PV
respectively. The corresponding MRF values were 1.27, 1.16, 1.07, and 1.04 respectively.

Thus, using smaller slug size resulted in better foaming behavior during ASAG flooding
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and hence improved mobility control. The results indicated that slug size of 0.25 PV was
more appropriate for ASAG flooding of this study. Majidaie et al. [61] observed that the
optimum slug size for chemically enhanced water alternating gas (CWAG) injection was
around 0.25 PV which leads to maximum oil recovery. Chen and Reynolds [229] made a
similar observation in the case of WAG flooding technique that shorter cycle time, i.e.
more cycles, reduces the segregation of injected water and gas. Gravity segregation was
detrimental to the performance of WAG flooding processes as it yields poorer E,, and Ego.
Hussain et al. [230] found that the application of multiple-cycles SAG floods instead of
single-cycle SAG results in a more stable foam front, leading to a more efficient oil
displacement. Han and Gu [225] also reported that with a smaller slug size, higher oil

recovery factor for miscible CO,-WAG flooding was achievable.

6.4 Effect of Injection Scheme

Core flooding experiments were performed to compare the effect of different
ASAG injection scheme on the oil recovery. Injection scheme of the ASAG process refers
to the order of AS and gas/CO; slug injection immediately following secondary water
flooding — gas alternated chemical (GAC) or chemical alternated gas (CAG). While ASAG
I was conducted in the GAC injection scheme, the other ASAG flooding experiment was
performed in the CAG injection mode. Along with other experimental conditions, in both
the experiments the slug ratio (1:1) and slug size (0.25 PV) were maintained the same. Fig.
6.3 shows the cumulative oil recovery and AP data of the ASAG flooding experiment in
CAG injection mode. The oil recovery by GAC injection scheme (23.85 %OOIP) was
found to be higher than the CAG injection (19.78 %OOIP). The higher oil recovery of
GAC injection scheme can be attributed to the hysteresis effect of drainage and imbibition
processes. As the waterflooding is primarily an imbibition process, the residual oil left
behind are trapped in the larger pore spaces of the core plug [231].
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When gas injection immediately followed waterflooding, the drainage process of
gas injection was able to drive the residual oil from the larger pore spaces more efficiently
leading to higher oil recovery [223]. The average AP during the CAG injection mode was
also observed to be lower (60.24 psi) with MRF value of 1.17 indicating comparatively
less strong foam formation. Hence, it was observed that GAC injection scheme is more
favorable for ASAG flooding. Moayedi et al. [223] also reported higher oil recovery by
starting with gas injection during the tertiary SAG flooding compared to starting with
liquid injection after secondary water flooding. Han and Gu [225], however, obtained
higher ultimate oil recovery with water-alternating-gas (WAG) injection sequence
compared to gas-alternating-water (GAW) injection during secondary miscible WAG
process. The reason for the higher oil recovery by WAG injection sequence was attributed
to higher E,, with initial water injection due to favorable mobility ratio compared to initial
CO; injection. Moreover, in miscible CO,-GAW injection mode, severe viscous fingering

occurred lowering the Ey,.
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6.5 Effect of Gas Injection Rate

ASAG core flooding experiments were carried out to investigate the effect of
different gas/CO; injection rates on the oil recovery. The experiments were conducted with
the same ASAG slug ratio of 1:1 and slug size of 0.25 PV, while keeping the total fluid
volume injected constant at 2 PV. The experiments were performed at gas/CO; injection
rates of 0.2 ml/min, 0.5 ml/min, 1 ml/min and 2 ml/min. The liquid was injected at a
constant pressure during these tests. The cumulative oil recoveries of the experiments are
shown in Table 6.2 and Fig. 6.4. It was observed CO; injection rate influenced the oil
recovery by ASAG flooding. The oil recovery decreased slightly (from 23.85% to 22.38%
OOIP) as the gas injection rate was increased from 0.2 ml/min to 0.5 ml/min. However,
increasing the injection rate to 1 ml/min and 2 ml/min significantly decreased the oil
recovery to 15.86% and 15.31% OOIP respectively. At higher gas injection rate, early gas
breakthrough occurs due to viscous fingering effect and the consequently low E,.
Moreover, a higher injection rate lowers the possibility of proper contact between the
surfactant solution and the CO; gas in the core plug. As a result, a reduction in foam
generation during the ASAG process probably took place. To study the foaming behavior
at lower and higher gas flow rates, the AP profiles of 0.2 ml/min and 2 ml/min injection
rates were studied and presented in Fig. 6.5. Higher average AP of 65.75 psi (MRF = 1.27)
for the 0.2 ml/min injection rate experiment was recorded compared to 57.75 psi (MRF =
1.12) for the 2 ml/min injection rate. This was an indication of improper foam generation
and propagation in the latter. Thus, residual oil recovery by ASAG flooding was dependent
on the gas injection rate and there was an optimum rate of gas/CO; injection, which in this
case was 0.2 ml/min. Injecting the gas below this optimum rate is also likely to decrease
the oil recovery because lower injection rates induce lower APs so the generated foam
would not be able to totally sweep the residual oil in place. Further, if injection rates are
too low gravity overriding effect becomes significant which would decrease the volume of
the residual oil contacted by the injected CO, gas [232]. Safarzadeh et al. [233] reported

that oil recovery efficiency of SAG flooding performed in sand packs was a function of the
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injection rate. An early breakthrough was observed at a higher injection rate (0.25 ml/min)
and the highest oil recovery of 87% was obtained at the optimal injection rate of 0.2

ml/min.
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6.6 Effect of Total Fluid Volume Injected

To evaluate the effect of total fluid volume injected during ASAG flooding on the
oil recovery by ASAG flooding, ASAG | experimental results were compared with four
core flooding experiments performed with total injected fluid volumes of 0.5, 1, 1.5 and
2.5 PV. In these tests, all other operating parameters were maintained the same except for
the total fluid volume injected. The injected fluid volume means the total PV of AS slug
and gas injected during the complete ASAG injection cycle. The core flooding
experimental results are shown in Table 6.2 and Fig. 6.6 for comparison. The oil recovery
by 2.5 PV of fluid injection was the highest (24.59 %OOIP), followed by the ASAG I
(23.85 %0OO0IP) with 2 PV. The experiments with injection fluid volume of 1 PV and 0.5
PV resulted in still lower additional oil recoveries of 9.29% and 2.76% OOIP respectively.
Apparently, the residual oil recovery increased with the total volume of fluid injected
during ASAG injection cycle. The availability of more chemicals and gas with an increase
in injection fluid volume helped to mobilize more residual oil leading to enhancement in
oil recovery. However, injecting fluids beyond a certain volume was not beneficial because
most of the residual oils were produced after 2 PV fluid injection. The oil recovery curve
of 2.5 PV experiment in Fig. 6.6, shows that most of the residual oils were produced during
the first 4 cycles of ASAG injection and then was almost constant for fluid volumes
injected beyond 2 PV. Table 6.2 also shows that only marginal incremental oil recovery
(from 23.85 to 24.59 %OO0IP) was obtained by increasing the injected fluid volume from 2
PV to 2.5 PV. Over injecting the fluids only leads to additional costs associated with the
injection of more chemicals and gas/CO, but no appreciable extra oil recovery. Thus, 2 PV
of total fluid injection was found suitable for the immiscible ASAG flooding and was taken
as the optimum. Perera et al. [41] observed that a considerable increase in oil production
for continuous CO, flooding with the increase of the total volume of CO, injected.

However, beyond a certain volume, no further increase in oil production was reported

138
TH-2437_126107015



Chapter 6 Key Parameters Influencing ASAG Flooding

because most of the oils were recovered before the full volume of CO, was injected.
Azzolina et al. [234] from their study of 31 numbers of CO,-EOR projects reported that oil

recovery increased as injection volume (PV) of CO, and water were increased.
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Fig. 6.6: Effect of total injected fluid volume on cumulative oil recovery in ASAG
flooding

6.7 Effect of Tapering

In a typical ASAG injection process, each cycle consists of gas/CO, and AS slug
injection of fixed PV/duration. In tapered ASAG process, size/duration of the chemical
and/or gas injection varies in each progressive cycle. It is termed tapering down when the
duration of fluid injection is longer initially and decreased in progressive cycles. The
reverse is the case with tapering up where the duration of fluid injection is shorter initially
and increased in the progressive cycles. Liquid, gas and combined liquid-gas tapering
ASAG flooding experiments were performed and compared to examine their effect on oil
recovery efficiency. The other operating conditions in these experiments were maintained

the same as in the uniform flooding.
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Table 6.2: Summary of core flooding experiments evaluating the effects of gas injection rate and total injection volume

SI Description of Porosity K Saturation Fluid Injected Recovery
. A I ;
No. ASAG process (%) (mD) (%0) (PV) (% OOIP)
Kabs Soi Swe WF EOR EWF WF  ASAG Total
ASAG |

e Gas rate (0.2 ml/min)

1 « Injection volume (2 PV) 20.27 6.87 7421 2579 4.00 2.00 4,00 3594 23.85 59.79
2 Gas rate (0.5 ml/min) 20.14 585 76.34 2366 4.00 2.00 400 36.86 22.38 59.24
3 Gas rate (1 ml/min) 20.16 6.53 76.53 23.47 4.00 2.00 400 3518 15.86 51.04
4 Gas rate(2 ml/min) 20.21 6.06 75.78 2422 4.00 2.00 400 3595 1531 51.26

5 Injection volume (0.5 PV) 20.49 6.10 7735 2265 4.00 0.5 400  33.95 2.76 36.71
6 Injection volume (1 PV) 20.27 599 76.02 2398 4.00 1.00 400 34.28 9.29 43.57
7 Injection volume (1.5 PV) 20.09 6.31 7523 2477 4.00 1.50 400 3371 16.61 50.32

8 Injection volume (2.5 PV) 20.52 6.06 7587 2413 4.00 2.50 400 3557 2459 60.16
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In order to examine the effect of liquid tapering on residual oil recovery, two
tapered ASAG flooding experiments were performed and their results were compared with
the uniform flooding experiment. The total volume of gas/CO, and AS formulation
alternately injected was fixed at 2 PV. In uniform ASAG flooding as in ASAG I, each
cycle of ASAG injection consisted of fixed volume (0.25 PV) of AS slug and CO, gas
injection, whereas, in liquid tapering, the volume of liquid injection was varied in each
progressive cycle keeping the gas volume constant. In tapering down, the volume of liquid
injection was larger at first and decreased in subsequent cycles. In this injection mode,
during the ASAG injection, the gas/CO, slug size/volume was kept constant at 0.25 PV
whereas the AS slug volume was decreased in each progressive cycle in the sequence 0.4,
0.3, 0.2 and 0.1 PV. In the tapering up mode, the liquid volume increased in each
progressive cycle in the sequence of 0.1, 0.2, 0.3 and 0.4 PV. Fig. 6.7 shows the
cumulative oil recoveries and the AP versus the PV of fluid injected during the liquid
tapering ASAG flooding experiments. The liquid tapering up ASAG flooding resulted in
better incremental oil recovery (27.48 %OOIP) compared to liquid tapering down injection
(25.72 %OO0IP). However, the additional oil produced by both these tapered injection
schemes were higher than the uniform ASAG flooding (23.85 %OOIP). Thus, liquid
tapering had a positive effect on the oil recovery by ASAG flooding. In liquid tapering up
method, the slug ratio was low in the first cycle which means that the volume of the
injected chemical solution was lower while gas/CO, volume was higher. With higher
initial gas saturation, the CO; injected into the core plug could cause maximum dissolution
with crude oil. This resulted in an increase in the relative permeability of residual oil in the
core plug probably due to the oil swelling and viscosity reduction caused by the dissolution
of injected CO, gas. When the chemical slug was alternately injected, the displacement

efficiency was further enhanced because of IFT reduction and foam formation. As the
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liquid volume increased towards the end of the ASAG injection during liquid tapering up,
the increase in liquid volume helped to control the early gas/CO; breakthrough by reducing
the relative permeability to gas.

To study the effect of gas tapering on ASAG performance, ASAG flooding
experiments were performed in gas tapering down and gas tapering up modes. In the gas
tapering down ASAG injection, the core plug with residual oil was subjected to 4 cycles of
CO; and AS slug alternate injection. The size of chemical slug injected was kept constant
at 0.25 PV in each cycle, while gas slug size was decreased progressively in the sequence
0.4, 0.3,0.2 and 0.1 PV. In the other experiment, the gas tapering up ASAG injection was
applied where the gas slug size was increased progressively in sequence 0.1, 0.2, 0.3 and
0.4 PV. The total PV of fluid injected during the ASAG cycles was kept constant at 2 PV.
The cumulative oil recovery and AP as a function of the PV of fluid injected during the gas
tapering down and gas tapering up ASAG flooding processes are shown in Fig. 6.8 (a) -
(b). The additional oil recoveries of 26.98 % and 24.75 % OOIP were obtained during the
gas tapering down and tapering up ASAG injection respectively. These recoveries were
better than the recovery by the uniform ASAG injection (ASAG I, 23.85 %0OOIP). In
comparison, the gas tapering down ASAG injection was found to be superior in terms of
oil recovery. By injecting more gas in the first cycle maximum dissolution of CO; gas with
crude oil and efficient use of gas most likely take place leading to the betterment of E,,
[235]. The trapping of the gas/CO, also resulted in improved oil recovery due to more
stable foam formed during the next cycle of AS slug and gas injection [236]. More stable
foam formation was evident from the increase in the average AP to 68.38 psi (MRF = 1.33)
during gas tapering down injection scheme. The average AP during the tapering up scheme
was 67.25 psi (MRF = 1.30) — higher than the uniform ASAG injection (MRF = 1.27). As
the water-to-gas injection volume ratio increases towards the end of the gas tapering down

ASAG process, this also helps to control the mobility of the gas [62].
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The combined effect of applying the gas tapering down and the liquid tapering up
injection in a single ASAG flooding process was also examined to observe the
enhancement in oil recovery. Following secondary water flooding, the ASAG injection
was performed in such a manner that the gas slug size decreased progressively in the
sequence of 0.4, 0.3, 0.2 and 0.1 PV, while the liquid volume increased as 0.1, 0.2, 0.3 and
0.4 PV. The cumulative oil recovery and AP data are shown in Fig. 6.9 and Table 6.3. The
additional oil produced was 29.35 %OOIP, which was an improvement of 5.50 %OOQIP
over the uniform flooding. Thus, the synergic combination of gas and liquid tapering can
be successfully applied to optimize the ASAG flooding through efficient use of the
injected fluids. The MRF value also increased in favor of combined tapering ASAG
flooding from 1.27 to 1.40 compared to uniform fluid injection. This was an indication of
improvement in mobility control which in turn caused better displacement of the residual
oil. Srivastava and Mahli [237] showed that the displacement efficiency in both tapering
up (20.73%) and tapering down (23.84%) WAG injection process was higher than the
normal (19.3%) WAG process. The better recovery was due to improved E,o, better
mobility control, and increased oil relative permeability in the pores of the core sample.
Khan et al. [235] in an effort to optimize the miscible WAG process observed the
application of tapered injection was more favorable than uniform WAG due to efficient gas
utilization, faster recovery rate, and reduction of response time. According to Tovar [238]
the application of tapered WAG could reduce the residual oil saturation from 34.88% to
10.92%. Similarly, Verma [28] reported that tapered WAG is a widely used technique that
improves process efficiency, prevents an early gas breakthrough, and improves CO;

utilization.
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6.8 Effect of Porosity/Permeability of Core Plug

When foam flow through reservoir rock, it develops a unique property called the
selective mobility reduction (SMR), which causes it to reduce the mobility of gas by a
greater fraction in high permeability regions of the reservoir compared to in the low
permeability regions. This happens due to the formation of stronger foam in the high
permeability zones where it appears to be more viscous than in low permeability zones.
The stronger foam in the high permeability zones is instrumental in the diversion of fluid
to the low permeability zones resulting in the smoothening of reservoir heterogeneities [57,
239, 240]. If the foam generated during ASAG flooding exhibits such a property then the
process can be successfully applied in oil reservoirs which in most cases are

heterogeneous.
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Table 6.3: Summary of core flooding experiments evaluating the effect of tapering during ASAG flooding

Sl Descriotion i) K Saturation Fluid Injected Avg. Recovery
No. P (%) (mD) (%) (PV) AP MRF (% OOIP)
Kabs Soi St WF EOR EWF (psi) WF EOR Total

ASAG |

1 Uniform 2027 587 7421 2579 400 200 4.00 65.75 1.27 3594 2385  59.79
injection
Liquid
tapering

2 down 2068 599 7401 2599 400 200 400 68.63 1.33 3595 2572  58.98

3 quu[d 2021 635 7264 2734 400 200 4.00 69.50 1.35 36.86 27.48  64.34
tapering up

4 ggsering 2056 649 7286 2714 400 200 400 6838 133 3595 2698 6170
down

5 Gas 2047 696 7355 2645 400 200 4.00 67.25 1.30 36.86 2475  61.24
tapering up

5 Combined
gas-liquid 2038 675 7313 2687 400 200 4.00 72.00 1.40 36.10 2935 6245
tapering
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In order to study the effect of rock porosity/permeability on ASAG flooding
performance, two core flooding experiments were performed with core plugs of different
porosity/permeability values. The first experiment was performed on a core plug of lower
porosity/permeability (12.23% and 2.25 mD) and the second on a core plug of higher
porosity/permeability (27.42% and 30.37 mD). All other experimental conditions in these
ASAG flooding experiments were maintained the same as ASAG | except the core plugs of
different porosity /permeability values were used. Fig. 6.10 (a) - (b) shows the cumulative
oil recovery and AP as a function of the PV of injected fluid. The oil recoveries by
secondary water flooding were 38.83 %OOIP and 30.41 %OOIP respectively for the lower
and higher porosity/permeability core plugs. The water flooding oil recovery data for lower
and higher porosity cores were found to be inversely proportional to their porosities. This
agrees well with the observations reported by other workers [241]. The performance of the
tertiary ASAG injection was better with oil recovery of 27.54% OOIP for the core plug
with higher porosity/permeability compared to 18.03% OOIP for the lower
porosity/permeability core plug (Table 6.4). Although the final cumulative oil recoveries
for both the core plugs were comparable, ASAG flooding in the higher
porosity/permeability core plug exhibited a higher average AP of 72.00 psi (MRF = 1.39)
compared to 59.25 psi (MRF = 1.18) in case of lower porosity/permeability core plug. The
higher MRF value was indicative of stronger foam formation in the more permeable core
plugs and the lower MRF value implied comparatively weaker foam in less permeable core
plugs. The stronger foam formed in the high permeability core plug provided better
mobility control and hence higher oil recovery was obtained. Thus, it can be concluded that
the SMR property was exhibited by in-situ foam generated during immiscible ASAG
flooding. So, it is expected that ASAG flooding can reduce the detrimental effects of field-
scale reservoir heterogeneity through the formation of in-situ foam having the property of

SMR.
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Table 6.4: Summary of core flooding experiments evaluating the effect of rock porosity/permeability on ASAG flooding

Sl Descrintion ) K Saturation Fluid Injected Avg. Recovery
No. P (%) (D) (%) (PV) AP MRF (% OOIP)
Kaos  Sui See WF EOR EWF (psi) WF  EOR  Total
Lower
1 Porosity/permeability 12.23 225 7002 2998 400 200 400 5925 118 3883 1803  56.86
core plug
Higher
o  Porosity/permeability ;05 3057 7893 2177 400 200 400 7200 139 3041 2754  57.95

core plug
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6.9 Effect of Salinity Gradient during ASAG Flooding

Additional core flooding experiment was performed to investigate the effect of
salinity gradient or brine salinity change on the oil recovery performance of ASAG
flooding. Brine salinity change implies secondary water flooding at higher brine salinity is
followed by the chemical slug (injected during the ASAG cycle) at optimal brine salinity
and finally chased by a drive at a lower brine salinity. Thus salinity variation from higher
salinity to intermediate salinity and then to lower salinity occurs in the core plug during the
flooding process. As a result, the benefits of high, moderate and low salinities can be
exploited during the flooding process. In the experiment, the oil-saturated core plug was
waterflooded with SFB of 3458 ppm salinity which resulted in oil recovery of 37.83
%OO0IP. The chemical slug (containing 0.5 wt% AOS + 0.75 wt% Na,CO3) was injected at
optimal salinity (at 70% SFB salinity, 2400 ppm) during the ASAG injection, while the
salinity of the drive (EWF) was maintained at 30% SFB salinity (1000 ppm). Fig. 6.11
shows the cumulative oil recovery and AP data obtained during the flooding process when
salinity gradient was applied. Table 6.5 shows that the additional oil recovered by
changing brine salinity during flooding increased to 25.74 %OOIP — an increment of 3.87
%OO0IP over straight salinity (ASAG II). Injection of the AS slug at optimal SFB salinity
helped achieve the lowest oil-water IFT which in turn mobilized capillary held residual oil.
An increase in the MRF value from 1.28 to 1.36 indicated stronger foam formation during
the ASAG cycle. Injecting the AS slug at a lower optimal SFB salinity has the additional
benefit of decrease surfactant retention which resulted in the availability of more surfactant
for residual oil recovery [242, 243]. Additionally, injecting the brine at lower salinity
during EWF helps to remobilize the retained surfactant in the aqueous phase [244].
Srivastava et al. [83] reported that the application of salinity change/gradient improves the

alkali-surfactant-gas (ASG) flooding by providing better foam stability through the
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mobilization of trapped surfactants. The stronger foam was instrumental in providing better

displacement efficiency in their ASG core flooding experiment.
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Fig. 6.11: Cumulative oil recovery and pressure drop versus pore volume of fluid injected

during ASAG flooding with the application of salinity gradient
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Table 6.5: Summary of core flooding experiments evaluating the effects of salinity gradient, preflushing, and combined effect

SI. Descrintion i) K Saturation Fluid Injected Avg. Recovery
No. P (%)  (mD) (%) (PV) AP MRF (% 0O0IP)
Kabs Soi Swe WEF EOR EWF (psi) WF EOR Total
ASAG II

1 e Straight salinity 2049 6.10 7335 26.65 4.00 2.00 4.00 66.13 128 36.31 21.87 58.18
e No BL preflush

2 S:Ialér:;tn); 20.67 7.38 72.02 2798 4.00 2.00 4.00 70.25 136 3783 25.74 63.57
BL
3 oreflush 2082 6.98 7423 2577 4.00 2.00 4.00 71.38 1.38 39.26 24.48 63.74
Combined
4 effect 2050 783 7366 26.34 4.00 2.00 4.00 74.63 145 3885 30.69 69.54
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6.10 Use of Preflush in ASAG Flooding

In foam-based EOR application, preflushing with a less costly surfactant to
precondition the reservoir is commonly practiced for improving the process economics and
efficiency [213]. Along with improving the foam generation, this method reduces the
adsorption of primary surfactant onto the reservoir rock thus maintaining better foam
propagation [245, 246]. In order to evaluate the performance of ASAG flooding with
preflushing, ASAG core flooding experiment similar to ASAG Il was performed but with
1 wt% BL added to the SFB used for secondary water flooding. Fig. 6.12 and Table 6.5
show the cumulative oil recovery and the AP data obtained during the core flooding
experiment performed with preflushing. The results show that higher residual oil recovery
(24.48 %OO0IP) as well as higher cumulative oil recovery (63.74 %OOIP) was obtained by
ASAG flooding with BL preflushing. The higher oil recoveries were possible due to a
combination of the following favorable attributes. Firstly, BL has been reported to possess
the ability to reduce oil-water IFT and thus produce extra oil [142]. Adding BL to SFB
thus resulted in higher oil recovery by secondary water flooding (39.26 %OOQIP).
Secondly, preflushing the core plug with BL reduced the adsorption of surfactant onto the
reservoir rock resulting in the availability of more primary surfactant (AOS) to mobilize
the residual oil trapped by capillary forces. The dynamic adsorption experiments have
shown that preflushing with 1wt% BL could reduce the adsorption of surfactant by more
than half. Thirdly, improved foam performance was possible during ASAG injection by
preflushing with BL. The preconditioning caused the reduction of foaming agent
adsorption onto reservoir rock, which in turn lead to better foam generation and
propagation during the ASAG flooding. An increase in the MRF value to 1.38 indicated
better foam stability during ASAG flooding with BL preflushing. Thus, preflushing prior
to ASAG flooding can be applied to optimize the process by increasing the effectiveness
of the foam in improving the oil recovery. Tsau et al. [247] reported that lignosulphonate
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could reduce the adsorption of primary foaming agent in CO, flooding by 24 — 60 % in

Berea sandstone. They observed that preflushing the core was more effective in reducing

the surfactant adsorption than co-injecting the lignosulphonate and the foaming agent.
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Fig. 6.12: Cumulative oil recovery and pressure drop versus pore volume of fluid injected
in ASAG flooding with black liquor preflushing

6.11 Combined ASAG Flooding

Finally, one additional core flooding experiment was performed with the second
chemical slug (0.5 wt% AOS + 0.75 wt% Na,CO;) incorporating all the favorable operating
conditions of ASAG flooding including the application of combined gas-liquid tapering,
salinity gradient and preflushing with BL. During secondary water flooding, 4 PV of SFB
containing 1 wt% BL was injected into the oil-saturated core plug which resulted in an oil
recovery of 38.85 %OOIP. This was followed by 2 PV of alternated gas/CO, and AS slug
(at optimal salinity) injection in the combined gas tapering down and liquid tapering-up
mode. Fig. 6.13 shows the cumulative oil recovery and AP as a function of the PV of fluid

injected during the experiment. The oil recovery through the 4 cycle ASAG injection was
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30.69 %OO0IP. The ASAG injection was followed by the EWF during which 4 PV of SFB
at 1000 ppm salinity was injected. The total oil recovery including water flooding, ASAG
injection and the final EWF was 69.54 %OOIP. Compared to the ASAG Il experiment,
injecting the fluids in the manner described in the combined ASAG flooding could
increase the cumulative oil recovery by an encouraging 11.36 %OOIP. The experimental
results are shown in Table 6.5 also indicated better foam stability during the combined
ASAG flooding as depicted by the higher MRF values (1.45). The best result obtained
from the combined ASAG flooding indicated that utilizing the most favorable operating
conditions, the ASAG flooding can considerably enhance oil recovery. Both E4, and E,,
were improved through better mobility control of fluids by alternating injecting the
chemical slug with gas/CO, in the correct sequence, using the optimal AS slug for
lowering of oil-water IFT to the lowest value and reducing surfactant loss by BL

preflushing.
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Fig. 6. 13: Cumulative oil recovery and pressure drop versus pore volume of fluid injected
in the combined ASAG flooding
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The formation of in-situ foam in the core plug during the different ASAG injection
schemes/processes was evaluated based on the average AP and the MRF values. The
higher average AP value in ASAG flooding compared to the AP value of AS flooding
indicated that the higher value was due to the formation of in-situ foam. Among the
different slug ratios of ASAG flooding, the highest AP (65.75 psi) was obtained when the
slug ratio was 1:1. This was an affirmation that 1:1 slug ratio was a better injection scheme
due to stronger foam formation and hence higher oil recovery. Among the different slug
sizes of ASAG flooding, the highest AP was obtained with the smallest slug size of 0.25.
Hence, this slug size was chosen as the optimum for this study. The order of AS and CO,
gas slug injection during ASAG flooding also effect the average AP value, with GAC
injection scheme proving to be a better option due to the higher value of average AP. A
higher pressure drop of 72.00 psi was observed during the combined gas-liquid tapering
process which indicated that the process is more efficient in terms of mobility control by
foam generation and consequently higher oil recovery. However, the highest oil recovery
(69.54 %0OO0OIP) was obtained when all the favorable injection schemes were included
during the combined ASAG flooding. The average AP value rose to 74.63 psi, thus
indicating that stronger foam generation is possible for better fluid mobility control and

maximum oil recovery.

6.11 Summary

The EOR by ASAG flooding was found to be influenced by various key
operational parameters that are required to be studied and optimized before the process
could be successfully applied in an oil reservoir. The most appropriate slug ratio was 1:1,
as neither increasing the volume of the liquid nor the gas could improve the additional oil
produced. The slug size or cycle frequency strongly influenced the effectiveness of ASAG
flooding in enhancing oil recovery. It was observed that smaller the slug size better the
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foaming and hence improved mobility control. The optimal slug size for ASAG flooding
was found to be 0.25 PV. The GAW injection scheme proved to be more favorable for
ASAG flooding compared to CAG injection. The core flooding results indicated that
injecting gas immediately after secondary water flooding leads to higher oil recovery
(23.85 %O0OO0IP) compared to injecting liquid after water flooding (19.78 %OOIP). The
experiments performed at different gas injection rates showed that an optimum rate of gas
injection rate (0.2 ml/min) existed at which the efficiency of ASAG flooding was the
maximum. Moreover, the oil recovery by ASAG flooding was determined by the total
volume of fluid (gas and liquid) injected during one complete ASAG cycle and the
optimum volume of fluid injected was found to be 2 PV.

Tapering, normally applied in CO,-WAG, could be successfully applied in ASAG
flooding and found to increase the oil recovery compared to uniform fluid injection due to
the efficient use of the fluids. More specifically, liquid tapering up and gas tapering down
approaches provided better oil recovery. The combination of these two approaches in
ASAG injection could enhance the residual oil recovery to 29.35 %OOIP — an
improvement of 5.50 %OOQIP over uniform fluid injection. The selective mobility
reduction property was found to be exhibited by foam generated in the core plug by ASAG
injection. An increase in MRF value (from 1.18 to 1.39) indicated stronger foam formation
in the more porous/permeable cores.

The application of salinity gradient, commonly practiced in chemical flooding, was
also found to be encouraging for ASAG flooding. An increment oil recovery of 3.87
%OO0IP was achieved by changing the brine salinity during flooding over straight salinity.
The higher oil recovery was primarily attributed to the attainment of the lowest oil-water
IFT and stronger foam formation. It was also observed that preflushing with a less

expensive surfactant (black liquor, BL), added to brine used for secondary water flooding,
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improved both the additional as well as cumulative oil recovery obtainable by ASAG
flooding. Lower primary surfactant adsorption, reduction of oil-water IFT, and better
foaming achieved by preflushing improved the performance of the ASAG process. It was
observed that combining the most favorable operating conditions, ASAG flooding can
significantly enhance the oil recovery due to the improvement of both Eg4, and E,o. As a
whole, the experimental findings in this chapter provided sufficient amount of data for

optimizing the ASAG flooding through the use of the most suitable operating conditions.
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Chapter 7

Overall Conclusions and Future Work

This chapter summarizes the conclusions drawn from the results of the present work. The

possible scope for future research has also been presented.

7.1 Conclusions

In this research work, the enhanced oil recovery by the immiscible alkaline-
surfactant-alternated-gas/CO, (ASAG) flooding was studied in detail. Based on the
analysis of reservoir rock, crude oil, and formation water, the optimum chemical
formulations for ASAG flooding were designed. The key parameters influencing the oil
recovery performance of ASAG flooding have also been studied. The most important
findings and conclusions of this work are summarized below:

e The crude oil was found to be medium gravity and high pour point was the result of its
high wax content. The asphaltene content of the crude was evaluated to be in the
stable state as there were enough amounts of resins for asphaltene stabilization. The
acidic nature of the crude is supported by acid number and FTIR study. Therefore, it is
expected that crude oil will respond favorably to alkaline injection for the formation
of in-situ surfactants. The total salinity of the formation water was found to be low
(3458 ppm) and marked by the presence of several types of dissolved ions including
the divalent ones like Ca™ and Mg™.

e The porosities of the core plugs were observed to vary with the depth of the formation
from where the cores were obtained. The core plug from shallower depths was found
to be more porous and vice-versa. The porosities and permeabilities of the core plugs

were directly related as the more porous core plugs were found to be more permeable.
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From the liquid and gas permeability values, it was found that the formation could be
classified as fair to moderate permeability reservoirs.

e The reservoir rock was evaluated to be of anionic type due to the presence of silica
(quartz) as the dominant mineral. The existence of clays minerals in the rock matrix
was also identified through XRD and FESEM studies.

e To determine the CO,-foam stability of different surfactants, the half-decay times
(t12) were calculated from the changes in foam volume recorded with respect to time.
SDS and AOS surfactants displayed comparatively better CO,-foam stability with the
crude oil under similar experimental conditions, with SDS having higher ty,; values.
CO,-foam stability was found to be decreased by more than half as the temperature
increased from room to reservoir temperature. Additionally, optimum concentrations
of surfactants were found to exist that correspond to the point of maximum foam
stability.

e Among the alkalis considered in the study, both Na,CO3; and NaOH were able to
reduce oil-water IFT values to the ultra-low range when combined with the optimum
concentrations of SDS and AOS. But, Na,CO3; was chosen as the preferred alkali as
the equilibrium IFT values obtained were the minimum with both the surfactants.

e The maximum Winsor type III microemulsion volume was observed at 70% of
formation brine salinity (2400 ppm) during salinity scan of the phase behavior study.
This SFB salinity was considered as the optimal salinity, at which the lowest oil-water
IFT value was also obtained.

e Under dynamic conditions, alkali addition was found to reduce the adsorption of
surfactants by reservoir rocks by more than half from 1.41 mg/g to 0.52 mg/g.

Additionally, the optimum concentration of BL for preflushing was found at its CMC
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value as no further reduction in surfactant adsorption was observed beyond the CMC
value.

e The synergic effect of AS formulation and CO, gas injected during ASAG flooding
resulted in higher oil recovery compared to tertiary CGI, CO,-WAG, SAG, and AS
flooding. The primary reason for the increase in oil recovery can be attributed to fluid
mobility control, achievement of ultra-low oil-water IFT, and in-situ foam generation.

e The performance of ASAG flooding was found to be influenced by certain operational
parameters. The optimum conditions for the best oil recovery by ASAG flooding were
obtained with 1:1 slug ratio, 0.25 PV slug size, gas-alternated-chemical (GAC)
injection scheme, 0.2 ml/min CO; gas injection rate, and 2 PV of total fluid injection.

e Application of both liquid and gas tapering schemes during ASAG flooding indicated
to have a favorable effect on the oil recovery due to the efficient use of injected fluids
and better fluid mobility control. More specifically, liquid tapering up and gas
tapering down approaches provided better oil recovery. By combining these two
approaches in a single ASAG flooding, the oil recovery could be improved by 5.50
%OOIP over uniform fluid injection.

e The application of salinity gradient during ASAG flooding helped achieve better
incremental oil recovery due to the attainment of the lowest oil-water IFT and
generation of the most stable foam.

e By preflushing the core plug with a less costly natural surfactant (BL), which was
added to brine during secondary waterflooding, both the additional and cumulative oil
recoveries can be improved during ASAG flooding. The improved performance can
be attributed to the lower primary surfactant adsorption and better foam stability with

preflushing.
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7.2  Future Work

In this study, the potential of ASAG flooding for EOR under immiscible conditions
using reservoir rock and fluids of an Upper Assam oilfield was investigated on a laboratory
scale. However, taking into consideration the vastness of the subject the following future
studies can be undertaken:

e This work can be extended to experimentally study the effectiveness of ASAG
flooding for the present reservoir fluids under miscible conditions. As miscible CO,
flooding is known to be more efficient for EOR, the miscible ASAG flooding is also
required to be investigated.

e In ASAG flooding, the AS formulation and the gas/CO; slug were alternately injected
in small slugs to form foam in the reservoir rock. Foam can also be formed by the
coinjection of the two fluids. The coinjection of gas/CO, and AS slug for EOR can be
studied as larger mobility reduction is obtainable through this technique. Moreover,
foam quality which influences the mobility reduction characteristics can be controlled
in the coinjection method.

e The effectiveness of ASAG flooding in carbonate reservoirs can be studied. These
reservoirs on an average have lower porosity and permeability than sandstones, which
poses various challenges for EOR by foam application as the effectiveness of foam in
controlling gas mobility is lower in low-permeability rocks.

e The effects of bubble size on the injection rate and differential pressure (pressure
drop) on the performance of ASAG flooding can be investigated.

e Development of EOR models and simulation studies would be useful to validate the
experimental data and to further predict the performance of ASAG flooding under
different reservoir and operating conditions.

e Techno-economic analysis of the ASAG flooding needs to be carried out for a

successful pilot and field-scale implementation.
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Appendix A: Sample Calculations of Porosity Measurement by TP1-219 Helium

Porosimeter

Table A. 1: Helium porosimeter calibration data

Full cup pressure Removed billet data
Zero Pressure 0.04 psi ID C,D&E
Prefrull 92.50 psi Vbillet removed 93.69 cm®
Peupful 39.59 psi Prefrem 92.36 psi
Vet 4.18 Pcuprem 3.73 psi

The system reference volume is calculated as:

Vbilletremoved (A 1)

- IDrefrem _ I:)reffull
-

cuprem cupfull

V_

ref

where, V(e = System reference volume, cm?®
Viilletremoved = Volume of billets removed, cm®
Presrunt = Reference pressure for full cup measurement, psi
Peupfunn = Cup pressure with all billets in cup, cm®
Prefrem = Reference pressure for measurement with billets removed, psi

Pcuprem = Cup pressure with billet removed, psi

Table A. 2: Core plug dimensions

Diameter Length Volume
(cm) (cm) (cm®)
3.75 7.75 85.38
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The grain volume is calculated by the following equation:

Pr effull Pr efsam
_ ple
Vgrain _Vbilletsremoved + P o P Vref (A.2)
cupfull cupsample
Where, Vgrain = Grain volume, cm®
Vbittetremoved = Volume of removed billets, cm®
Prersample = Reference system pressure with core plug, psi
Pcupsample = Cup pressure with core plug, psi
Table A. 3: Core plug porosity measurement
Core Zero gy mple Sample Sampl Sample Sample
reference . grain .
plug pressure pressure weight porosity
D (psi) pressure ) volume s volum (%)
(psi) (cm?®) (cm?)
CP1 0.04 92.40 9.65 85.38 195.74 63.45 25.69
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Appendix B

B.1. Viscosity Measurements of Crude Oil

Table B. 1: Kinematic and dynamic viscosity measurements of crude oil

Flow time

Density of Calibration Kinematic Dynamic
Sl.  Temperature . . . S
o crude oil constant of viscosity viscosity
No. () (g/cm®) viscometer (cSt) (cP)
Test readings Average
1156
1 28 0.865 0.01 1212 1180 11.80 10.20
1172
796
) 789
50 0.847 0.01 746 777 7.77 6.58
509
3 70 0.832 0.01 569 536 5.36 4.46
530
428
4 90 0.820 0.01 403 413 4.13 3.39
408
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B.2.  Asphaltene, Resin and Wax Content Determination of Crude Oil
Table B. 2: Asphaltene content determination of crude oil
Wt of Wt of filter Wt of filter Wt of Asphaltene
. . . content
S| oil paper with  paper without asphaltene — Wt of
No. sample asphaltene asphaltene asphaltene / W.
of oil sample
(9) (9) (9) (9) (%)
1 5.00 1.15 1.07 0.08 1.60
2 5.00 1.12 1.05 0.07 1.40
3 5.00 1.16 1.10 0.06 1.20
Table B. 3: Resin content determination of crude oil
Wt.of  Wt. of petri  Wt. of petri Wt. of Resin content
S| oil dish dish with resin = WHt. of resin/
No. sample resin WHt. of oil sample
(9) (9) (9) (9) (%)
1 5.00 44.06 44.92 0.86 17.20
2 5.00 44.06 44.86 0.80 16.60
3 5.00 44.06 44.89 0.83 16.39
Table B. 4: Wax content determination of crude oil
Wt. of Wt. of dish Wt. of dish Wt. of Resin content
S| oil with wax wax = Wt. of wax / Wt.
No. sample of oil sample
(9) (9) (9) (9) (%)
1 5.00 198.84 199.46 0.62 12.40
2 5.00 198.84 199.50 0.66 13.20
3 5.00 198.84 199.43 0.59 11.80
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Appendix C: Determining CI " ion concentration of formation water by titration
(Mohr’s Method)

The Mohr’s method was used to determine the chloride ion (CI") concentration of
formation water (FW) by titration with silver nitrate solution. When silver nitrate solution
is added to FW, a white precipitate of silver chloride forms.

Ag*(aq) + Cl (aq) — AgCl(s) (C.1)

Potassium chromate indicator was added to visualize the endpoint, when all the chloride
ions present in the FW sample were precipitated. This endpoint also demonstrates the
presence of excess silver ions. The additional silver ions then react with the chromate ions
of potassium chromate to form a reddish-brown precipitate of silver chromate. The
formation of the precipitate indicates that all chloride ions of FW have been consumed and

only extra silver ions have reacted with chromate ions.

2 Ag"(aq) + CrOy (ag) — AgCrO4(S) (€2)
The experimental procedure adopted was as follows: 1.25 ml of FW sample was taken in a
conical flask to which 1.0 ml indicator solution (0.25 N) was added. The mixture was
titrated with 0.1 N silver nitrate solution. The endpoint is identified as the first appearance
of a red-brown color. Calculating chloride ion concentration as:

Chloride ion concentration = (2 ZUIFeS .45}, 1900 (C.3)

sample

where A is volume of silver nitrate solution used (ml)
N the normality of silver nitrate solution

Vsample the volume of sample used (ml)
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Table C. 1: CI" ion concentration in formation water

cr
Sl. Vsample N A :
concentration
No. ml N ml
(mi) (N) (mi) (opm)
1 25 0.1 5.1 723.18
2 25 0.1 5.05 716.09
3 25 0.1 5.15 730.27
Average 723.18
A = volume of silver nitrate solution used (ml)
N = normality of silver nitrate solution

Vsample = VOolume of sample used (ml)
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Appendix D: Determine Mg*" ion concentration of formation water by titration with

EDTA

The titration method with EDTA (ethylenediaminetetraacetic acid) was used to find
the total calcium and magnesium content of water sample. In this method, EDTA forms a
complex with calcium and magnesium ions. The indicator used was a blue dye called
Eriochrome Black T (ErioT). This dye too forms a complex with the calcium and
magnesium ions which changes the color from blue to pink. In the titration process, the
FW sample was reacted with excess of EDTA. The indicator was then added which
changes the color of the solution to blue because the calcium and magnesium ions were
present as complex of EDTA. Then a back titration was done with magnesium chloride
solution. All the excess EDTA form a complex with magnesium ions when the end-point
was reached. The remaining magnesium ions of the magnesium chloride solution then
form complex with ErioT indicator which changes the color from blue to pink.

The main reaction:

Ca’" + EDTA" —  [Ca-EDTA]* (D.1)
Back titration:

EDTA* + Mg* —  [Mg-EDTAJ* (D.2)

ErioT + Mg** —  ErioT-Mg (D.3)

The experimental procedure adopted was as follows: Mixing 100 ml of FW and 50 ml of
0.005 mol/L EDTA solution in a conical flask. To the mixture was added 10 ml of
ammonia buffer. The buffer was prepared by dissolving 7.0 g of ammonium chloride in 57
ml ammonia solution and further diluting to 100 ml with distilled water in a volumetric
flask. The pH should be 10.5. Next, 1 ml of ErioT indicator solution was added. The ErioT
indicator solution was prepared by dissolving 0.2 g of ErioT indicator in 15 ml of ammonia
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solution and 5 ml ethanol. The FW sample was titrated with 0.0025 mol/L MgCl, solution

until pink color appears. The titrations were repeated until similar results were obtained.

Total number of moles of EDTA in the sample = 2835 x 50 = 0.00025
, N 0.0025
Moles of MgCl, used in the back titration = 1000 x 1 =0.0000025

Moles of excess EDTA

Moles of MgCl, used in the back titration

Moles of Ca™ and Mg in the sample

Total moles of EDTA — Moles of excess EDTA

0.00025-0.0000025

= 0.0002475 moles/100 ml

= 0.002475 moles/L

= 0002475™ 5 40,078 9™ w1000 ™9
L mol gm

= 99 mg/L

= 99 ppm

[In a typical water sample, more calcium salts are present than magnesium salts so 40.078
gm was taken which is the molecular weight of calcium even though both Mg and Ca are
present in the sample]

Concentration of Ca™ from flame photometer test was obtained at 82 ppm.

Therefore, the concentration of Mg™ = 99 — 82 = 17 ppm
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Appendix E: Determination of alkalinity of formation water by titration with HCI.
The alkalinity of formation water may be due to the presence of OH-, COs* and
HCOs; "~ ions. The alkalinity can be determined separately by titration against standard acid

solution, using phenolphthalein and methyl orange indicators. The reactions are as follows:

OH +H" — H,O (E.1)
COs +H" —  HCOs (E.2)
HCO; + H — H,O + CO, (E3)

The general procedure for the determination of alkalinity is as follows: For the estimation
of COs%, and OH™ ions, 20 ml of FW is taken in a conical flask and 2 drops of
phenolphthalein are added. If the contents of the conical flask turn pink, titration is done
with standard 0.1 N HCI till the color is faint pink or just colorless. If no pink color
appears, the same volume of FW sample is taken in another conical flask and 2 drops of
methyl orange indicator are added. The color of the solution becomes yellow and then
titration is done with 0.1 N HCI solution until the color changes to red. No pink color was
obtained when phenolphthalein was added to the FW sample, indicating the alkalinity of
FW was due to HCOg3 only and the titration was done using methyl orange indicator. Table
E.1 shows the results of the titration test.

Table E. 1: Analysis of formation water using methyl orange indicator

S1. No. Volume of Water Sample Volume of HCI required Mean volume of HCI
(mL) (mL) (mL)
1 20 43
2 20 4.3 4.27
3 20 4.2

ViXS1=V,xS,
where V; = volume of FW sample

S: = methyl orange alkalinity in water sample

173
TH-2437_126107015



Appendix

V5= volume of HCI
S,= strength of HCI

20xS;=4.27 x0.1

So, S1=0.02135N
Strength in terms of CaCO3 equivalent = S; X Eq. wt. of CaCO3
=0.02135 x 50 g/L
=1.0675 g/L
Methyl orange alkalinity =1.0675 x 1000 mg/L
Or,  HCO3* alkalinity = 1068 mg/L or 1068 ppm
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